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ABSTRACT 

 

GENERATION PLANNING AND MARKET OPERATION STRATEGIES IN THE 

SOUTHWEST POWER POOL ENERGY IMBALANCE SERVICE MARKET 

 

Publication No. ______ 

 

Kittipong Methaprayoon, Ph.D. 

 

The University of Texas at Arlington, 2007 

 

Supervising Professor:  Wei-Jen Lee  

The transition of the Southwest Power Pool (SPP) from its traditional operation 

under tariff towards the new market environment has significant impact on the utilities 

in the SPP footprint, both in terms of planning and operations. The new market 

regulation creates the need for the utilities to reassess their planning strategy, primarily 

to ensure that operational decisions conform to the new market rules while remain 

profitable under the new operating regime.  

The utilities are referred to as Market Participants (MP) under the new market 

scheme. The new market environment will expose the MPs to a large amount of 

information with regard to market operation and settlement. The management of this 

information in a limited timeframe presents a great challenge to the MPs and 
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necessitates the development of evolutionary tools to perform effective data analysis in 

a timely manner in order to ensure that the MP stays competitive in the new market 

environment. 

This dissertation presents the results of a comprehensive study of the structure 

and rules of the developing SPP Energy Imbalance Service (EIS) market and discusses 

aspects of planning functions with regard to the utility participation in the EIS market. 

The functions presented include an artificial neural network short-term load forecast, 

energy price forecast, economic dispatch, cost-based and price-based unit commitment 

scheduling, energy imbalance settlement analysis, as well as the validation of the RTO 

imbalance statement. 

The evolutionary EIS market planner (EISMP) software has been developed as 

a decision support tool for the utility’s participation in the EIS market. The EISMP 

helps the utility to perform effective generation planning and analysis of real-time 

market data through an easy-to-use graphic user interface. The integration and 

implementation of this market planning tool have been verified in a real market 

environment through the assistance of the sponsor utility. 
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CHAPTER 1 

INTRODUCTION 

 

The restructuring of the United States electricity supply industry has been 

underway for more than a decade. The restructuring is resulting in dramatic changes in 

the way the U.S. electricity supply industry operates. This chapter presents a history of 

electricity supply restructuring in the U.S., the background of the Southwest Power Pool 

(SPP) Regional Transmission Organization, and the motivation and structure of this 

dissertation. 

1.1 U.S. Electric Supply Industry and the Shift towards Deregulation 

The electric power industry in the United States is in the midst of evolution. For 

more than a decade, the wholesale and retail U.S. electricity supply industry has been 

forced to transform its structure to a competitive market-based operation. In the past, 

electric utilities were vertically integrated and operated as regulated monopolies. The 

local utility was the sole supplier for the energy service to customers within its service 

area. The economies of scale had encouraged electricity supply to operate as a natural 

monopoly, i.e. the electricity can be generated from a large power plant under single 

utility control in a much more efficient manner than any combination of small 

generators from multiple providers. Since electricity operation requires a high level of 

security, reliability, and a large investment to secure adequate transmission 
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infrastructures to support the delivery of electricity service, the conventional operation 

of utilities was regulated by the state public utility commission (PUC). The regulatory 

commission ensured that utilities had sufficient funding to invest in generation and 

transmission infrastructure while protecting consumers from unreasonably high prices. 

The vertically integrated utility performed all generation, transmission, and distribution 

functions to serve all industrial, commercial, and residential customers in its territory. 

Retail customers were charged an average system cost of production plus a reasonable 

rate of return on the utility's investment as approved by the state regulators. 

The revolution in the electricity supply industry towards competition was 

initiated by the question of how efficiently the utilities operated under this regulated 

monopoly structure. With the exclusive control over the electricity supply in a 

geographical region, the customers in one region might observe a better quality of 

service and lower rate compared to customers in a neighboring region. The oil embargo 

in 1973-1974 triggered an energy crisis, raising the electricity price drastically 

throughout the 1970s and early 1980s period. The average retail electricity price 

increased 53 percent from 5.7 cents/kWh in 1972 to 8.7 cents/kWh in 1982 [1]. 

Embracing the hypothesis that competition could increase the efficiency of energy 

production, economists began to debate over restructuring of electricity supply. 

Technological advancements in small-scale power generation lessened the economy of 

scale constraints, while growing concern over the environmental impact of traditional 

power generation technology provoked interest in incentives to encourage the 

development of alternative, green energy producing technologies. Other industries, 
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including the gas, airline, and communication industries, also revealed the benefits of 

privatization, enabling consumers to purchase their services at lower cost. All these 

factors encouraged a restructuring of the U.S. electric supply towards a market structure 

to promote competition. 

To response to the energy crisis and critiques of utility regulation, Congress 

enacted the Public Utility Regulatory Policy Act (PURPA) in 1978. The goal of PURPA 

was to promote energy conservation by encouraging development of alternative energy 

technologies. In addition, the PURPA created a new opportunity for non-utility power 

producers, who were qualified as qualifying facilities (QF), to generate and sell power 

to local utilities. The utilities were required to buy power from the QF at a so-called 

avoided cost, which is the production cost that utilities would have to pay if they 

generated the same power at their owned plant. A high electricity selling price attracted 

many Independent Power Producers (IPP) and Non-Utility Generator (NUG) to 

establish and participate in the QF program. 

Technological changes during the 1980s enabled the development of small 

generation resources at production costs competitive with utilities’ large power plants. 

The PURPA allowed these non-utilities to sell power to the utility. However, the 

electric supply on the consumer side remained a monopoly as consumers could only 

buy energy from their local utility. The transmission network also remained under 

control of the utility, which discouraged competition and inhibited the development of a 

wholesale market. To overcome this, Congress took action to promote competition in 

wholesale electricity supply by passing the Energy Policy Act (EPA) in 1992. The EPA 
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granted the Federal Energy Regulatory Commission (FERC) the authority to order 

interstate power transmission owners to open transmission access to other non-utility 

producers on a case-by-case basis. This change created an opportunity for large 

industrial customers to purchase wholesale electricity from other resources at lower 

rates. 

The FERC envisioned that undue transmission discrimination was a main 

barrier to a competitive electricity market. Therefore, utilizing its authority under the 

EPA, FERC issued Order No. 888 and Order No. 889 in 1996. Order No. 888 required 

all public utilities to file an Open Access Transmission Tariff (OATT) that outlined the 

terms and conditions for open access to their transmission services. Order No. 889 

mandated public utilities to develop an Open Access Same-time Information System 

(OASIS) to publish information about the rates and transmission capacity available to 

all potential transmission customers on the same basis. The OASIS ensured equal 

access to all transmission facilities by all potential customers on a non-discriminatory 

basis. 

Even though Order No. 888 and Order No. 889 encouraged the establishment of 

an Independent System Operator (ISO) to operate the transmission grid on behalf of the 

transmission owners, the rule did not mandate the transfer of transmission control from 

the utilities to the ISO. Most transmission facilities remained operating under control of 

the owning utilities, which resulted in pricing inefficiencies in transmission services. 

The transfer of power across different regions might incur charges from multiple 

utilities operated under different OATTs, causing a problem referred to as pancaking 
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transmission charges. To correct this, the FERC issued Order No. 2000 in December 

1999. Order No. 2000 mandated all public utilities with transmission assets to develop a 

plan to transfer transmission control to the Regional Transmission Organization (RTO). 

The Order No. 2000 was the landmark that forced utilities to separate their transmission 

services from other power market functions. As a result, various entities, namely the 

Generation companies (GENCOs), Transmission companies (TRANCOs), Distribution 

companies (DISCOs), and Load Serving entities (LSE) were created in the electricity 

market. Order No. 2000 set forth the development of wholesale electricity trading and 

regional transmission management under the RTO control. 

The generation competition under the open-access transmission services has 

resulted in a large volume of power being transferred between regions. However, 

regulated by the state commission, the transmission service charge did not provide 

enough incentive for investors to invest in new transmission facilities. As a result, the 

transmission grid has become increasingly congested as a result of competition. Several 

proposals have been put forth to address the shortage of transmission capacity. The 

noteworthy one was the Notice of Proposed Rulemaking on Standard Market Design 

(SMD) published by the FERC in 2002. The SMD incorporated market design 

structures that FERC believed could sustain system reliability and promote better 

efficiency of energy delivery in a common market framework. Under the SMD, the 

RTO manages transmission congestion by charging a congestion fee, in addition to the 

base rate, as an economic incentive. The Locational Marginal Pricing (LMP) was 

suggested for transmission congestion management. The LMP reflects the spot-market 
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energy clearing price, which can vary between the location of delivery and receipt of 

power under a period when there is transmission congestion. FERC believed that the 

higher congestion charge would encourage the construction of new generation or 

additional transmission capacity at the right locations. The SMD also introduced the 

Congestion Revenue Right (CRR) to enable holders to manage the risk associated with 

the congestion charge. 

Even though the SMD laid out comprehensive rules for virtually all aspects of 

the wholesale electricity market that would benefit electricity trading through market 

competition, the SMD proposal faced strong opposition from many consumer groups, 

public utilities, and other investor-owned utilities. Twenty-two states had asked FERC 

to abandon SMD. Many opposing states are located in the Southern and Western 

regions of the U.S., which currently have cheaper power than the national average, and 

consumers were skeptical that SMD would raise their price and threaten reliable service 

[2]. Many public utilities that are against deregulation do not wish to be forced to 

participate in the deregulated environment under the SMD. Concern for the 

environmental was also raised by federal agencies, fearing the impact from diesel-

generators whose owners may produce power under the provision of SMD demand 

response, ignoring state air pollution policies. The most controversial discussion was 

regarding the mandatory regulation of the RTO proposal, which it was felt did not 

sufficiently accommodate regional differences. Many preferred that markets should be 

developed on a voluntary basis. As a result of the strong opposition, FERC announced 

the termination of SMD proceedings in July 2005 [3]. 
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Since the termination of the SMD, the wholesale electricity market has been 

developing on a regional basis. Each region establishes a market structure based on the 

best judgment as to how to accommodate needs within the region. For those regions 

where the ISO/RTO has been established, the wholesale competition is operating under 

different rules as specified by the regional protocols. Nevertheless, the improvement in 

the transmission grid is still the most critical issue at the present time. The cascading 

blackout in the eastern states and large parts of Ontario on August 14, 2003 

demonstrates the fact that nation’s transmission grid is vulnerable and immediate action 

is needed to improve the reliability of the grid. The latest enactment of the Energy 

Policy Act in 2005 by Congress emphasized the need of reliability standards for the 

bulk power system and authorized FERC to establish incentive-based rate treatment 

programs to promote capital investment in the transmission system [4]. Whether 

deregulation has achieved the goal for energy cost savings remains debatable. However, 

competition has definitely pushed the system to operate more aggressively and assures 

that long term transmission reliability stands as the greatest challenge to today’s U.S. 

electricity supply infrastructure.  

1.2 SPP Regional Transmission Organization 

After FERC issued Order No. 2000 in 1999, the restructuring of the electricity 

supply industry spread rapidly across the states. Given a strong and complex interaction 

of the electricity network, the transmission system plays the most important role in 

supporting the delivery of energy product. The undue discrimination of access to 

transmission services is a fundamental barrier to competition in the wholesale electricity 
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market. The Regional Transmission Organization (RTO) is the independent entity 

introduced by Order No. 2000 to remedy the transmission related impediments to a 

competitive market. The goal of the RTO, as outlined by the FERC, is to coordinate the 

transmission grid on a regional basis. RTO is responsible for ensuring non-

discriminatory access to the transmission services, eliminating transmission rate 

pancaking, maintaining adequate transmission structure, and promoting efficiency and 

reliability in the planning and operation of region-wide transmission systems. 

The benefit of the RTOs quoted from the Order No.2000 includes [6] 

1. The increased efficiency through regional transmission pricing and the 

elimination of rate pancaking of inter-state transmission service 

2. A more effective management of parallel path flows 

3. An improved transmission congestion management 

4. More accurate estimates of Available Transfer Capability (ATC) 

5. A more efficient planning of transmission and generation investments. 

6. An increased coordination among state regulatory agencies 

7. Reduced transaction costs 

8. Facilitation of retail access programs and state deregulation 

9. Improved grid reliability 

10. Fewer discriminatory transmission practices 

Order No. 2000 strongly encouraged the transmission owning entities, including 

non-public utilities, to place their transmission facilities under the common control of 

appropriate RTO. As a result, several RTOs have been developed in many regions of 
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the U.S.. The RTOs coordinate dispatch of generation in their system and offer 

transmission services under the RTO specific Open Access Transmission Tariff 

(OATT). As of September 2006, nine functioning ISO/RTOs form the ISO/RTO 

council (IRC) in North America. This RTO configuration is shown in Figure 1.1. 

 

 Figure 1.1 Regional Transmission Organizations as of September 2006 
 Source: http://www.ferc.gov/industries/electric/indus-act/rto/rto-map.asp 

 

 The Southwest Power Pool (SPP) is a RTO operating transmission services in 

the central states. SPP has planned to develop market operation and submitted a request 

seeking authorization of RTO status since October 2000. However, its first filing was 

rejected by the Commission because the scope of the proposal did not satisfy Order No. 

2000 [7]. In August 2001, the market development of the SPP was put on hold when 

SPP shifted its effort towards consolidation with Midwest ISO to operate transmission 
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facilities under a jointed RTO basis. However, after almost two years of discussion and 

collecting comments from the public and participants, the two organizations mutually 

agreed to terminate their merger plan in March 2003. After that, SPP resumed its plan to 

develop its own market in 2003 and re-filed the request for formal recognition as an 

RTO in October 2003. 

SPP’s effort to be an authorized RTO succeeded on October 1st, 2004. However, 

the Commission required that SPP develop market mechanisms for its transmission 

service to fulfill the RTO status [8]. As a result, SPP is currently planning new markets 

for imbalance energy, ancillary services, and congestion management. SPP chooses the 

phase-in implementation for its markets. At present time, SPP is pushing for the first 

phase to its market development to settle real-time energy imbalance. This market is 

named the Energy Imbalance Service (EIS) market. The day-ahead energy markets will 

be constructed as a second phase where SPP plans to add the financial transmission 

right for market based congestion management. The final phase will be the 

implementation of Ancillary Service market, which completes the obligation at full 

market structure as an RTO. 

The implementation of the EIS market has encountered several delays due to a 

glitch in market system stability and incomplete readiness of the market participants. As 

of December 2006, SPP scheduled the launch date for the EIS market to be February 1st, 

2007. After implementation of the SPP-EIS market, the characteristics of SPP RTO as 

compared to the wholesale market in other RTO regions can be summarized as in Table 

1.1 [9]. The transition of SPP towards the new market operating environment has 
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potentially significant impacts for SPP customers, especially for generation companies 

or utilities under the SPP footprint. These impacts are reflected both in terms of 

planning and operation, which are the major focus of this research.  

Table 1.1 Comparison of SPP Market Structure to Other RTO Markets 
Services provided SPP MISO PJM ERCOT ISO-NE NYISO CALISO 

Regional transmission scheduling √ √ √ √ √ √ √ 
Regional economic dispatch √ √ √ √ √ √ √ 
Regional transmission planning √ √ √ √ √ √ √ 
Regional interconnection process √ √ √ √ √ √ √ 

Bilateral Transactions √ √ √ √ √ √ √ 

Real-time energy market √ √ √ √ √ √ √ 
 - Locational energy price √ √ √ √ √ √ √ 
 - Hourly energy price √ √ √ √ √ √ √ 
 - Congestion price √ √ √ √ √ √ √ 
 - Losses price √ √ √ √ √ √ √ 

Day-ahead energy market  √ √  √ √  
 - Locational energy price  √ √  √ √  
 - Hourly energy price  √ √  √ √  
 - Congestion price  √ √  √ √ √ 
 - Losses price  √ √  √ √  

Virtual Bidding  √ √  √ √  
Financial transmission rights  √ √ √ √ √ √ 
Ancillary services market   √ √ √ √ √ 
Regulation service market    √ √ √ √ 
Capacity markets   √  √ √  
Independent market monitor √ √ √ √ √ √ √ 
Market mitigation √ √ √ √ √ √ √ 

 

1.3 Motivation, Objective, and Development Framework 

The transformation of the SPP transmission operation towards the 

implementation of a real-time energy imbalance market represents a revolution in 

traditional operations both in terms of the technical and economic perspectives. In the 

past, the main objective for utilities was to minimize the cost of energy production 
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required to serve the demand obligation. In a competitive market environment, the rate 

of return is no longer guaranteed. The participation of sellers and buyers in the 

competitive market is profit driven. As a result, the utilities will have to change their 

strategy to achieve the maximum profit and ensure cost recovery of energy supply. 

Tools to support market planning and decision are indispensable in the competitive 

world of market operation. However, as discussed earlier, no common market structure 

currently exists. Regulation and rules governing energy markets may vary significantly 

from region to region. Any potential tool which can be practically applied to support the 

market decision-making must conform to the structure and rules associated with the 

market of interest. 

The SPP-EIS market is a new developing market to be implemented soon in the 

SPP footprint. Once the market starts, all market participants (MP) must follow the 

regulations specified in the market protocols. There are many new functions that MPs 

need to prepare to support operation in the EIS market. To mention a few, these 

functions include resource plan and offer submission, energy imbalance settlement, 

price estimation, and statement verification from the RTO. A new cost component 

associated with energy imbalance service is also introduced as a part of the overall 

operating cost. All of these requirements necessitate a comprehensive study and the 

development of a decision support tool for generation planning, which is an intended 

contribution of this dissertation. The ultimate goal of the development is to provide a 

complete environment to assist the MPs in participating actively and effectively in the 

EIS market. The objective of the research can be summarized as follows: 
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a) To study and understand the regulatory requirements as stated in the EIS 

market protocols. Identify the need and utility practice to participate in the real-time 

energy market as suggested by the utility engineer. 

b) According to the unique restrictions and characteristics of the EIS market, 

develop generation planning strategies taking into account the rules specified in the 

latest available market protocols at the time of development. 

c) Develop a data communication module to facilitate the data communication 

between the MP and the SPP market operation systems. 

d) Develop and integrate essential components required for generation planning. 

The components include the regional short term load forecast to forecast the demand at 

many different settlement locations, the hourly price estimation tool to forecast price for 

settlement calculation and generation planning, and the imbalance settlement 

calculation to verify the RTO settlement statement for accounting purposes. 

The proposed architecture to achieve aforementioned goals is illustrated in 

Figure 1.2. The architecture has been designed taking into account the practical 

recommendations from the utility engineer that will participate into the EIS market 

activities when the market starts. With a huge amount of information involved in 

generation planning and business process, a proper structure of database must be 

prepared to ensure the storability and transferability of information between many 

planning functions developed in this research. The integration and performance testing 

of the developed software is performed to ensure the practical implementation and 

reliability of developed work in the real market environment. 



 

 14

Multi-regional ANN
Short-term load forecast

Market Price
Estimation

Real-time market
dispatch

Unit Commitment
Scheduling

Market Settlement
Calculation

Day-ahead forecast

Hourly adjustment

Energy Schedule

Meter Data

  Oracle DBMS to store
     - Historical Load & Price
     - Forecast Load & Price
     - Control area definition
     - Bilateral contract definition
     - Forecast energy schedule
     - Submit energy schedule
     - Meter load and settlement LIP
     - EIS settlement charge
     - SPP settlement statement
     - Unit data such as heat rate
       generating capacity/ramp rate
     - etc.

Forecasted price

XML dynamic link library interface

SPP Web Portal

Graphic User
Interface

 

Figure 1.2 Proposed architecture of SPP market decision support tool 
 

1.4 Contents of the Dissertation 

The contents of this dissertation are organized as follows: 

Chapter 1 presents the background of electricity deregulation in the United 

States, the functions and the development of SPP regional transmission organization, 

and the motivation and objectives of the dissertation. 

 Chapter 2 introduces the general information and regulations of the energy 

imbalance service (EIS) market. This chapter focuses on the market operation functions. 

The cost components in the new market design are analyzed in this chapter. 
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 Chapter 3 discusses the short-term load forecast model based on an Artificial 

Neural Network (ANN). The chapter discusses the methodology and steps of ANN 

short-term load forecast developed for the sponsor utility, along with a simulation to 

verify the performance of the developed model. 

 Chapter 4 presents the hourly price forecast development. Price estimation based 

on similar load profile is proposed. The forecast model is tested and performance is 

compared with other methodologies in the literature. 

 Chapter 5 examines different strategies for generation planning. The economic 

dispatch and unit commitment scheduling of resources are discussed. Separate 

strategies, namely, the cost-based and price-based UC are presented to accommodate 

different participation modes in the new market design. 

 Chapter 6 presents the complete software components, database structure, and 

the integration of multiple modules. 

Chapter 7 presents conclusions and summarizes the contributions of this work. 

The dissertation concludes with the suggestions for future research.   
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CHAPTER 2 

ENERGY IMBALANCE SERVICE MARKET OF SPP 

 

2.1 Introduction to Energy Imbalance Service Market 

The Southwest Power Pool (SPP) is a RTO managing the transmission services 

of the transmission facilities owned by its members. The SPP service territory covers all 

of Kansas and Oklahoma, and parts of six other states in the central U.S. (Missouri, 

Arkansas, Louisiana, Mississippi, Texas and New Mexico). SPP was granted RTO 

status in October 2004. As required by its RTO status, SPP must develop a market 

mechanism to operate its transmission services. SPP is pursuing incremental market 

development. The first market under development in the SPP’s footprint is named the 

Energy Imbalance Service (EIS) market. 

Under the new EIS operational scheme, SPP will establish a centralized dispatch 

to accommodate the energy imbalance between the scheduled transactions and actual 

energy production for its market participants (MP). SPP will perform the RTO-wide 

security constrained economic dispatch (SCED) based on MPs’ energy offers to 

determine the optimal resource dispatch schedule to handle the real-time imbalance. 

This bid-based centralized dispatch structure offers a more efficient way to 

accommodate energy imbalance than the conventional approach where an individual 

control area was responsible for procuring the imbalance. According to a cost-benefit 
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study performed by Charles River Associates, SPP estimated a net benefit of $373 

million from the proposed EIS market within the 10 year study period [10]. This cost 

saving is realized primarily by more efficient dispatch scheduling under the new market 

design.  

Under the proposed EIS market scheme, the energy imbalance must be settled 

through the market. The MPs submit their hourly energy schedules, which define the 

amount of generation and load they plan to serve in each hour at each registered 

transmission node. The transmission nodes are referred to as settlement locations. If the 

MPs do not follow the plan they submitted, i.e. the actual production or consumption is 

different from the amount specified in their schedules; the MW deviation is considered 

as the energy imbalance. The energy imbalance will be settled at a common market 

price called the Locational Imbalance Price (LIP) and the charge/credit associated 

with the energy imbalance settlement will be passed though to the MPs who require or 

provide the services.    

2.1.1 Energy Imbalance Service Market Structure 

SPP Energy Imbalance Service market has three core components as illustrated 

in Figure 2.1. The components are the Market Operations System (MOS), the 

Commercial Operational System (COS), and the Market User Interface (MUI). 

The Market Operation System (MOS) is the main component that manages the 

centralized market dispatch process. The MOS embeds the Security Constrained 

Economic Dispatch (SCED) function to determine the most efficient generation to 

supply balancing energy in real-time. SPP performs SCED taking into account the latest 
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system status from the state estimator, 5-minute load forecast, and energy offers from 

the MPs. The SCED generates the locational imbalance price (LIP), which represents 

the marginal cost of energy at each individual settlement location in the SPP system. 

The MW set point and the LIP are communicated to the resource owners to enable them 

to continuously adjust their resource outputs to match the SPP dispatch set point. The 

MOS stores information such as resource plans, resource offer curves, and ancillary 

service capacity plans. The MOS evaluates the system status and takes action to prevent 

potential congestion in the transmission grid.  

 

Figure 2.1 SPP-EIS market system 
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The Commercial Operations System (COS) stores commercial data used for the 

energy imbalance settlement. The COS utilizes the LIP and dispatch results from the 

MOS together with the meter data and submitted energy schedules to calculate the 

energy imbalance service credit/charge. To ensure system security, an MP that does not 

follow SPP’s dispatch commands will be penalized by an additional Uninstructed 

Deviation Charge (UDC). The uplift charge is also calculated by COS to ensure SPP 

revenue neutrality. COS combines the settlement components and create settlement 

statement to the EIS market participants. 

The Market User Interface (MUI) facilitates the data communication between 

MPs and SPP. The MUI integrates a web-based interface for data submission and 

display. In order to perform SCED for energy imbalance, SPP requires that MPs submit 

a resource plan and ancillary service capacity plan to the SPP. The MPs that wish of 

offer their resources for market dispatch can also submit the resource offer curves. The 

data submission process can be performed either using the market portal or through the 

Application Programmatic Interface (API) and must conform to the SPP’s specific 

Extensible Market Language (XML) format. A security certificate is required for 

interactions with the MUI. 

2.1.2 Key Features of SPP-EIS Market 

The EIS market aims to provide a centralized market mechanism to settle the 

imbalance energy in the SPP footprint. However, due to the incremental phase 

development of SPP market, the EIS market exhibits some unique characteristics that 

distinguish SPP-EIS from other energy balancing market designs. Some key features of 
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the EIS market as noted from the latest market protocols [11] (SPP Market Protocols 

revision 3.0a revised on 11/27/2006) can be summarized as follows: 

1) Although SPP mandates the energy imbalance to be settled through the market, 

the participation of resources (or controllable loads) in the EIS market is 

voluntary. SPP does not force MPs to submit energy offers for market dispatch - 

the decision to submit a bid for the right to supply energy imbalance is the 

independent decision of each MP. 

2) The EIS market is designed for energy imbalance only. It does not serve as a 

capacity market. SPP requires that MPs prepare enough capacity to serve their 

load obligations. The capacity fulfillment can be arranged from internal 

resources or through bilateral contracts. However, MPs have options as to how 

to operate their generation units. MPs can take full control of their units by 

identify their resource as self-scheduled, or they can make resources available 

for market dispatch and allow SPP to calculate the generating set point based on 

the results from the region-wide SCED process. 

3) The EIS market is locational. In other words, EIS market is a nodal market. The 

LIP calculated from SCED represents the least cost to supply next MW load at 

each specific location, taking into account the marginal cost of energy supply 

(from the offer curve) and physical aspects of the transmission constraints. 

Without any transmission congestion, LIP will be uniform, i.e. having the same 

value across all settlement locations. The LIP varies as a result of transmission 

constraints that limit the delivery of power, and thereby creating a situation 
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where a more expensive generation unit must be dispatched, raising the LIP in 

the area of congestion. 

4) Energy transmission is still done according to the Open Access Transmission 

Tariff (OATT). A transmission service reservation must be made in advance to 

procure the physical right to transfer power from/to different locations in the 

SPP transmission grid. The transmission service charges are fixed based on the 

type of service. There is neither congestion fee based on the LIP nor financial 

transmission rights or other financial hedging tools in the first phase 

implementation of the EIS market. However, other measures such as offer caps 

and revenue disgorgement have been developed to reduce the possibility of 

gaming in the SPP-EIS market. 

5) A combination of the current Transmission Load Relief (TLR) and limited 

generation market re-dispatch will be used together to manage congestion in the 

EIS market. The SCED takes into account the updated system conditions from 

the state estimator to calculate and redirect the flow to relieve constraints 

through market dispatch. Transmission capacity violations due to other bilateral 

schedules are continuingly managed by the TLR process. In the event of 

congestion, the self-dispatch unit would follow curtailments from the TLR, 

whereas the resources offered into the EIS market will follow dispatch 

instruction specified by the SCED.  
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 Figure 2.2 SPP-EIS activity timeline 
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2.1.3 Market Activity Timeline 

SPP defines the Operating Day (OD) as the period from the hour ending 0100 to 

the hour ending 2400, where energy imbalance settlement is calculated on an hourly 

basis. Each hour is referred to as an Operating Hour (OH). Each operating hour is 

divided into twelve 5-minute intervals, called the Deployment Interval (DI), for which 

SPP calculates the optimal schedule for resources that are offered to provide real-time 

balancing energy to the market.  SPP communicates the dispatch set point for each 

generator or plant to follow every 5 minutes. The LIP is also calculated for each 

deployment interval. However, settlement takes place in an hourly basis using the 

integrated imbalance energy and LIP from all deployment intervals in the same 

operating hour. 

The Market Participants interact with the SPP-EIS market in different time 

frames ranging from the day prior to the operating day to the post operating day 

activities. Figure 2.2 illustrates the current market activity timeline according to the SPP 

market protocols [11]. 

2.2 Functions Required by MPs under EIS Market Scheme 

As shown in Figure 2.2, the MPs engage in many activities required by the new 

market structure. These include both the conventional activities such as load forecasting 

and unit commitment scheduling as well as new requirements such as the preparation of 

market plans and offer curves to be submitted to the market system. The EIS market 

also provides an option for MPs to control their resources according to the internal 

dispatch or to offer the resources to be centrally dispatched by the market. The energy 
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schedule submission is not compulsory in the EIS market scheme. However, the MP 

should decide carefully on how the energy schedules be submitted since the amount of 

scheduled energy has a direct influence on the final energy imbalance settlement. 

Settlement price estimation is also a key function that comes into the picture with the 

new market design. 

The development framework in this dissertation aims to facilitate the SPP-

participating utility in performing these required functions in an effective manner. It 

should be noted that different systems impose different specific rules to accommodate 

the needs of their markets. The SPP has developed the market protocols that MPs must 

follow in the new market design. All the developments discussed in the research work 

conform to the regulations of the market protocols available at the time of development 

[11]. Each component in the development framework in Figure 1.2 is elaborated here to 

emphasize the functions that MPs need to perform in the SPP-EIS market. 

2.2.1 Market Operation: Data Communication Link between MP and SPP 

The MP needs to communicate with SPP on a regular basis. The protocols 

mandate that the MP submit a resource plan, ancillary service capacity plan, and hourly 

load forecast in a daily basis. The MPs may revise any submitted plans and offers 

during the day 45 minutes before the operating hour starts. On a granular basis, the MPs 

receive the SPP dispatch instruction every 5 minutes to control the generation output of 

their units. Even though SPP provides a portal website as one mode of communication, 

the interaction between MP and SPP portal is inconvenient to some extent as the portal 

interface design does not provide enough flexibility in data access and customizable 
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display. As a result, it may be beneficial for the MP to develop an internal database and 

API-based communication software that can synchronize the market information from 

the SPP portal and store it on a local server. The local database enables custom data 

manipulation and display. It can also serve as a backup for data analysis, and access in 

the event that the market portal is unavailable. 

2.2.2 Market Operation: Real-time Resource Allocation from Market Dispatch 

The market participant must demonstrate that they can follow the dispatch 

instructions from the SPP in order to be allowed to participate for the market dispatch. 

The dispatch instruction conveys the optimal set point of resources on a settlement 

location basis. This resource settlement location can represent a plant, unit, or 

controllable load. In many cases where resources are registered as a plant, which 

contains multiple units, the MPs need to allocate the SPP instructed MW to each unit. 

Since the SPP communicates dispatch instructions every 5 minutes, this allocation 

function must be done in an efficient manner with rapid responsive time. The real-time 

resource allocation is therefore an essential function that MPs needs to perform under 

the new market scheme. 

2.2.3 Market Operation: Market Settlement Calculation 

The MP receives a settlement statement and invoice from the SPP showing its 

financial obligation for the energy imbalance service. It is important that the SPP 

provide enough information for the MP to validate the SPP settlement calculation. The 

MPs require a market settlement tool for invoice settlement verification and in 

estimating credit/charges associated with energy schedules before the operating hour. 
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 2.2.4 Generation Planning: Short-term Load Forecasting 

The market participants need to perform hourly load forecasting for at least 

seven days ahead for resource generation planning. SPP used the EIS market to settle 

the energy imbalance; however, the MPs still needs to prepare enough resource capacity 

to cover their firm load obligation. The MPs are required to submit load forecast to the 

SPP every day by 11 am on the day prior to the operating day. The hourly load forecast 

from MPs within the same control area are aggregated and compared with results from 

SPP’s internal load forecast tool. SPP identifies any MP with a significant mismatch 

and uses the MP load forecast to verify the resource adequacy requirement. Hourly load 

forecasting is also important for resource planning and energy schedule revision before 

the operating hour starts. As any deviation from the schedule is counted towards the 

energy imbalance settlement and the schedule is usually derived from the generation 

planning by the MP’s load forecast, accurate load forecasting is an essential function for 

the MP in the EIS market. 

2.2.5 Generation Planning: Hourly Price Estimation 

The energy imbalance offer is voluntary in the EIS market. For a generation 

company, their participation is profit driven, and the profit gain is directly influenced by 

the locational price where the imbalance is cleared. In order for an MP to estimate the 

potential profit and make proper judgment as to whether to submit the energy offer, 

accurate price estimation is needed. The MP also performs settlement evaluation and 

energy scheduling adjustment using the hourly price forecast as input information to 

calculate the imbalance settlement. 



 

 27

2.2.6 Generation Planning: Economic Dispatch and Unit Commitment 

The economic dispatch (ED) and unit commitment (UC) are essential functions 

the MPs needs to perform to assure that they operate their resources in the most cost-

effective manner. The conventional unit commitment tends to minimize the cost of 

resource dispatch given the forecast demand. This conventional UC is performed when 

the MPs decide to supply their load by internal resources to avoid the risk associated 

with spot energy procurement. On the other hand, an MP can speculate on price 

fluctuations by offering resources to be dispatched at the market price. The price-based 

unit commitment is performed to evaluate the expected profit from a market offer. In 

any case, the MP needs seamless integration of generation scheduling with the 

preparation of market plans and their offer curve. A common database system is an 

essential component in enabling this seamless integration. 

2.3 Energy Imbalance Settlement 

The major components of energy imbalance settlement are discussed in this 

section for a better understanding of the market settlement. After the market starts, all 

the energy imbalances will be settled at the locational imbalance price. The imbalance 

credit/charge is calculated based on the reported meter data and scheduled energy per 

settlement location and per operating hour. The sign conventions used in the settlement 

analysis are defined as follows. 

− Positive MW quantity represents energy injection into SPP (generation) 

− Negative MW quantity represents energy withdrawal from SPP (load) 

− Positive amount (+) means charges, i.e. the amount that MP pays SPP 
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− Negative amount (-) mean credits, i.e. the amount MP receives from SPP 

The following components are included in the energy imbalance settlement 

2.3.1 Energy Imbalance Service 

The energy imbalance service is the credit/charge associated with the imbalance 

energy. EIS is calculated by taking the amount of imbalance energy multiplying by the 

hourly settlement LIP at each settlement location. The LIP used for resource settlement 

is the nodal LIP at a resource registered location. A load can choose to settle energy 

imbalance by nodal LIP or zonal LIP. The zonal LIP is calculated as the weighted 

average of individual LIPs for each meter in the same settlement location. The hourly 

settlement price is the average of LIP from 12 deployment intervals in the same hour. 

( ) LIPWhScheduledMMWhCalibratedActualMWhEISamount SLSLSL ×−+=  (2.1) 

The calibration term in equation (2.1) represents the difference between total 

power injection and load within the settlement area. This difference is distributed 

among all MPs based on the absolute meter value. The calibrated energy is zero for 

generation and is positive for loads. 

2.3.2 Under-Scheduling Charge 

 The under-scheduling charge (USC) is a penalty applied to MPs who fail to 

submit an appropriate schedule in order to gain more benefit from price variations when 

the transmission is under constraint. The under-scheduling charge limits the opportunity 

for the MP to profit from the price arbitrage of internal load schedules.  
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During any hour when the LIP diverges and the reported actual load is less than 

the scheduled load by more than 4% of reported load, the MP is subject to an under-

scheduling charge as determined by the following steps: 

1. Sort negative resource imbalances in ascending order according to resource LIP 

2. For load SL that has a scheduled load less than 96% of reported load and the 

absolute value of the imbalance is at least 2 MW, sort the positive load 

imbalances in ascending order according to the load LIP 

3. Starting from resources with the lowest LIP, match the resource imbalance 

against the load imbalance until all load imbalances have been accounted for, or 

until no additional resource imbalance remains 

4. For each resource imbalance with an LIP greater than the load LIP, calculate 

under-scheduling charge as 

( ) Energy Imbalance Resource×−= REsouceSLLoadSL LIPLIPUSC   (2.2) 

An example of USC calculation is given in Table 2.1. In this example, the 

schedule for Load A and Load B has a deficiency of 50 MW each as compared to actual 

demand consumption. Since the aggregated deficiency is more than 4% of actual load, 

the under-scheduling charge is applied to those schedules having resource LIP greater 

than load LIP. The resource imbalance from Gen 1 and Gen 2 is mapped to the 

imbalance of Load A. A 25$)/19$/20($25 =−× MWhMWhMWh  under-scheduling 

penalty is applied to Gen 1. Similarly, a $25 USC is applied to Gen 4. SPP totally 

charges $50 to the MP who gains benefit by submitting under-schedules. 
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Table 2.1 Under-Scheduling Charge Example 

Resources  Settlement 

  MWh     Sorted Sorted  
  

LIP 
Schedule Actual 

Imbalance 
    LIP Imbalance  

EIS USC 

Gen 1 $20.0 -25 -50 -25   Gen 2 $19.0 -25  -$500 $0 
Gen 2 $19.0 -25 -50 -25   Gen 1 $20.0 -25  -$475 $25 
Gen 3 $27.0 0 0 0   Gen 6 $22.0 0  $0   
Gen 4 $26.0 -50 -100 -50   Gen 5 $25.0 0  -$1,300   
Gen 5 $25.0 -90 -90 0   Gen 4 $26.0 -50  $0 $25 
Gen 6 $22.0 -110 -110 0   Gen 3 $27.0 0  $0   

  Total -300 -400            -$2,275 $50 
              

Load      

  MWh     Sorted Sorted      
  

LIP 
Schedule Actual 

Imbalance 
    LIP Imbalance      

Load A $19.0 150 200 50   Load A $19.0 50  $950   
Load B $25.5 100 150 50   Load B $25.5 50  $1,275   
Load C $27.0 50 50 0   Load C $27.0 0  $0   

  Total 300 400            $2,225   
          NET $0 

 

Table 2.2 Over-Scheduling Charge Example 
Resources  Settlement 

  MWh     Sorted Sorted  
  

LIP 
Schedule Actual 

Imbalance 
    LIP Imbalance  

EIS OSC 

Gen 1 $20.0 -100 -100 0   Gen 3 $27.0 0  $0   
Gen 2 $19.0 -175 -150 25   Gen 4 $26.0 0  $475   
Gen 3 $27.0 0 0 0   Gen 5 $25.0 0  $0   
Gen 4 $26.0 0 0 0   Gen 6 $22.0 50  $0 $175 
Gen 5 $25.0 -90 -90 0   Gen 1 $20.0 0  $0   
Gen 6 $22.0 -110 -60 50   Gen 2 $19.0 25  $1,100 $75 

  Total -475 -400            $1,575 $250 
              

Load      

  MWh     Sorted Sorted      
  

LIP 
Schedule Actual 

Imbalance 
    LIP Imbalance      

Load A $22.0 275 250 -25   Load C $26.0 0  -$550   
Load B $25.5 150 100 -50   Load B $25.5 -50  -$1,275   
Load C $26.0 50 50 0   Load A $22.0 -25  $0   

  Total 475 400            -$1,825   
          NET $0 
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2.3.3 Over-Scheduling Charge 

 The over-scheduling charge (OSC) is a penalty applied to MPs who attempt to 

benefit from submitting schedules in excess of their load obligation. The OSC limits the 

opportunity for market participants to profit from price arbitrage of energy schedules. 

During any hour when the LIP diverges and the actual reported load is greater 

than the scheduled load by more than 4% of reported load, the MP is subject to an over-

scheduling charge as determined by the following steps: 

1. Sort positive resource imbalances in descending order according to resource LIP 

2. For each load settlement location that has scheduled load greater than 104% of 

reported load and the absolute value of the imbalance is at least 2 MW, sort 

negative load imbalances in descending order according to the load LIP 

3. Starting with the resource with highest LIP, match the resource imbalance 

against the load imbalance until all load imbalances have been accounted for, or 

until no additional resource imbalance remains 

4. For each resource imbalance with an LIP less than the load LIP, calculate over-

scheduling charge as 

( ) Energy Imbalance Resource×−= REsouceSLLoadSL LIPLIPUSC   (2.3) 

An example of OSC calculation is given in Table 2.2. In this example, the 

schedules for Load A and Load B are greater than the reported meter value by more 

than 4%. The over-scheduling charge applies to the schedule having resource LIP less 

than load LIP. The resource imbalance from Gen 6 is matched to the load imbalance of 

Load B. A 175$)/22$/5.25($50 =−× MWhMWhMWh  over-scheduling charge applies 
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to Gen 6. Similarly, a $75 OSC applies to Gen 2. In total, SPP charges $250 to the MP 

and the MP gains no additional benefit by submitting schedules in excess of their firm 

load obligations.  

2.3.4 Uninstructed Deviation Charge 

 The uninstructed deviation charge (UDC) is a penalty to encourage market 

participants to follow SPP deployment instructions. Market participants may choose to 

generate more than its schedule when the LIP is high or generate less than its schedule 

when the LIP is low. There is a penalty for such deviations both financially and 

physically. The SPP will monitor and calculate all uninstructed deviations at the end of 

every deployment interval. Any resource that violates dispatch instructions for 6 or 

more consecutive periods will be removed from the dispatch process until the end of the 

next day after those deviations are noticed [11]. A penalty is applied to the deviation to 

charge back a portion or full amount of the normal payment due to the violation. Under 

the rules specified in the SPP market protocols, generation is allowed to fluctuate within 

10% of the instructed level with a minimum of 5 MW and maximum of 25 MW 

deviation, adjusted for regulation capacity. A deviation beyond the allowable tolerance 

will be charged at the hourly settlement LIP.  

2.3.5 Revenue Neutrality Uplift 

The Revenue Neutrality Uplift (RNU) is used to ensure SPP revenue neutrality. 

SPP will apply an uplift procedure to allocate any over-collection or short payment for 

each hour of the settlement process. The allocation of RNU is proportional to the uplift 

obligation, which is the summation of the absolute net generation, load, bilateral 
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purchase, and bilateral sale for each market participant in the same hour where the uplift 

takes place. 

2.3.6 Self-provided Loss and Financial Settle Loss Amount 

The SPP tariff requires transmission customers to compensate the transmission 

resource owners for losses under the SPP system. The transmission customers have 

options to either purchase losses from the SPP or self-provide the loss in their submitted 

schedule. SPP will deliver the self-provided losses on behave of transmission customers 

and charge MPs the loss charge. Loss charges will be included as self-scheduled loss 

amounts in the settlement statement provided by the SPP.  

Since the RNU and the loss charge cannot be calculated directly from the 

resource generation planning of each individual MP, these charges will be included only 

for the market data display in the developed market settlement module. 

2.4 Operating Cost Components under EIS Market Scheme 

 The cost components involved in each settlement interval are analyzed in this 

section. For each settlement interval, the total cost of supplying power to the load 

consists of the energy production cost and the market settlement cost of imbalance 

energy. The energy production cost is the cost of supplying load from the online 

generation units or the payment for energy procurement through bilateral contracts. The 

EIS settlement amount has two major parts: the energy imbalance service charge and 

the under/over-scheduling charge. The total operating cost can be written as 

ylingPenaltOverSchedutyulingPenalUnderSched
LoadEISGenEIStproductionEnergytingCostTotalOpera

++
++= cos

  (2.4) 
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 In order to conceptually formulate how an MP's decision may influence the 

resulting total operating cost, an example is given for a resource supplying the load to 

fulfill a bilateral contract with its participation into the EIS market in various scenarios. 

The example shows how an MP can profit by offering resources into the market and 

how this benefit changes as a result of different strategies of energy scheduling 

submission and the variation of market LIP. 

 Assume Gen A has a bilateral contract with Load A to supply 200 MW at 

$50/MWh. Gen A has a constant marginal cost of $40/MWh with a minimum capacity 

limit of 10 MW and a maximum capacity limit of 300 MW. There are several different 

options whereby Gen A can participate and manage its generations in the EIS market. 

Option 1: MP identifies Gen A as self-scheduled resource and submits an energy 

schedule for 200 MW from Gen A to Load A 

Option 2: MP identifies Gen A as available for market dispatch and submits an energy 

schedule from Gen A to Load A for 200 MW 

Option 3: MP identifies Gen A as available for market dispatch without submitting an 

energy schedule. 

Option 4: MP identifies Gen A as self-scheduled without submitting an energy schedule  

Options 1, 2 and 3 are possible in the SPP-EIS market scheme. However, the 

Option 4 is not applicable due to the violation of resource adequacy requirement. In 

Option 4, the MP fails to declare sufficient resource capacity to serve the firm load 

obligation, and thereby is not applicable under the SPP-EIS market rules. 
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Table 2.3 Cost-benefit Changes due to Different Participation Options in EIS Market 

 Schedule 
summitted 

Resource 
Status Case Description LIPgen 

[$/MWh] 
LIPload 
[$/MWh] 

MC 
[$/MWh] 

Disp
Level 
[MW] 

Option1 TRUE self-sched     200 
Option2 TRUE available (LIPgen = LIPload) < MC $35 $35 $40 10 

 TRUE available MC < (LIPgen = LIPload) $45 $45 $40 300 
 TRUE available LIPgen < LIPload < MC $30 $35 $40 10 
 TRUE available LIPgen < MC < LIPload $35 $45 $40 10 
 TRUE available MC < LIPgen < LIPload $45 $50 $40 300 
 TRUE available LIPload < LIPgen < MC $35 $30 $40 10 
 TRUE available LIPload < MC < LIPgen $45 $35 $40 300 
 TRUE available MC < LIPload < LIPgen $50 $45 $40 300 

Option3 FALSE available (LIPgen = LIPload) < MC $35 $35 $40 10 
 FALSE available MC < (LIPgen = LIPload) $45 $45 $40 300 
 FALSE available LIPgen < LIPload < MC $30 $35 $40 10 
 FALSE available LIPgen < MC < LIPload $35 $45 $40 10 
 FALSE available MC < LIPgen < LIPload $45 $50 $40 300 
 FALSE available LIPload < LIPgen < MC $35 $30 $40 10 
 FALSE available LIPload < MC < LIPgen $45 $35 $40 300 
 FALSE available MC < LIPload < LIPgen $50 $45 $40 300 

Option4 FALSE self-sched not applicable     

 

 Dispatch 
Level 

Contract 
Revenue 

Energy
Supply 

Gen 
EIS 

Load 
EIS 

UnderSch
Charge Net Profit Profit 

Change 

Option1 200 MW -10000 8000    2000  
Option2 10 MW -10000 400 6650 0 0 2950 950 

 300 MW -10000 12000 -4500 0 0 2500 500 
 10 MW -10000 400 5700 0 0 3900 1900 
 10 MW -10000 400 6650 0 0 2950 950 
 300 MW -10000 12000 -4500 0 0 2500 500 
 10 MW -10000 400 6650 0 0 2950 950 
 300 MW -10000 12000 -4500 0 0 2500 500 
 300 MW -10000 12000 -5000 0 0 3000 1000 

Option3 10 MW -10000 400 -350 7000 0 2950 950 
 300 MW -10000 12000 -13500 9000 0 2500 500 
 10 MW -10000 400 -300 7000 0 2900 900 
 10 MW -10000 400 -350 9000 0 950 -1050 
 300 MW -10000 12000 -13500 10000 0 1500 -500 
 10 MW -10000 400 -350 6000 50 3900 1900 
 300 MW -10000 12000 -13500 7000 2000 2500 500 
 300 MW -10000 12000 -15000 9000 1000 3000 1000 

Option4  - - - - - - - 
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The first option represents the base case when Gen A operates in a manner 

similar to the conventional operation without the EIS market. In this case, Gen A 

receives $10,000 revenue under the bilateral contract and pays $8,000 in energy 

production costs. Gen A thus realizes a net profit of $2,000 from its bilateral contract. 

In the second option, apart from the energy schedule submission, Gen A 

identifies its resource as available for market dispatch. As a result, the 200 MW 

schedule will be considered as Market Schedule. For the market schedule, SPP will 

ignore the MW value specified in the schedule and calculate the optimal dispatch set 

point of the resource based on the market clearing price. Assume that SPP can supply 

the power at lower cost of $35/MWh. Without congestion, SPP will back down Gen A 

to its minimum capacity at 10 MW. In this case, Gen A would incur a resource 

imbalance of ( ) ( ) MW19020010 =−−− at the resource settlement location and a load 

imbalance of ( ) ( ) MW0200200 =− . These energy imbalances are settled at a common 

LIP at $35/MWh. The Gen A only performs generation of 10 MW internally. The net 

profit in this case is $2,950 (see Table 2.3). Therefore, the MP gains an addition $950 

profit by offering resources to be dispatched by the market. 

In Option 2, since the energy schedule amount matches the actual demand 

consumption at Load A, the only energy imbalance is on the resource side. However, if 

Gen A does not submit an energy schedule (Option 3), there are both resource 

imbalance and load imbalance. The 200 MW load imbalance also triggers the under-

scheduling charge during the period of congestion when LIPs vary. Different scenarios 

of price variation and the resulting net profit in each case are summarized in Table 2.3. 
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One can see that different strategies lead to different final settlement amounts. 

The results in Table 2.3 illustrate the effect of different MP decisions under the EIS 

market scheme. 

  Using the net profit from Option 1 as the base case, some observations can be 

made with respect to the change in profit given in the last columns of Table 2.3. 

1) Without congestion (uniform LIP) the additional profit gained from EIS 

participation under any price scenario is the same regardless of schedule 

submission. 

2) The market dispatch is set based on the marginal cost of the unit and the LIP at 

resource settlement location. Given a constant unit marginal cost, the unit will 

be dispatched at maximum capacity if the marginal cost is less than resource 

LIP. If the marginal cost is greater than the resource LIP, the unit will be 

dispatched at minimum capacity. 

3) A net gain from EIS participation is guaranteed (increase in net profit 

compared to the base case) when the MP offers the resource into the market 

and submits an energy schedule at the true load obligation (Option 2). The 

additional profit is equal to the generation imbalance multiplied by the absolute 

value of the difference between the unit marginal cost and the resource LIP. 

The load has no influence on the final imbalance settlement because the actual 

demand consumption matches the amount in the submitted energy schedule. 

4) If the resource is identified as available but does not submit an energy schedule 

(Option 3), additional profit from EIS participation is not guaranteed. The MP 
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can gain or lose as compared to the base case depending on the direction of 

LIP, actual demand consumption, and the resource dispatch level. Attention 

should be paid to the last two cases when the under/over-scheduling charge 

applies and the resource is dispatched at the amount greater than firm load 

obligation. The net gains in these cases are the same as when the matching 

energy schedule is submitted. 

2.4.1 Cost Components without Under/Over-Scheduling Charge 

 The mathematical expression of total operating cost in the EIS market can be 

analyzed as follows 

Let iP  represent actual energy generation of unit i  

 iS  represent the energy schedule amount of unit i  

 ρ  represent the locational imbalance price 

 ( )ρ,, ii SPF  represent the total operation cost 

 ( )iPC  represent the energy production cost of unit i  

 N represent the number of units used to supply the load 

Without any under/over-scheduling charge, the total operating cost for a utility 

having multiple units supplying a single load can be derived as 
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The total operating cost is a combination of the energy production cost, resource 

energy imbalance settlement, and load energy imbalance settlement. Rearranging 

equation 2.5 gives: 
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 In equation 2.6, the first term is the unit production cost and the revenue from 

the generated power calculated at the resource LIP. The second term represents charges 

and credits due to the submitted energy schedule and locational imbalance price. The 

last term is the cost of utilizing energy at the load LIP. 

 If the system is operated without congestion, i.e., the LIP is the same at every 

settlement location, the second component will be zero. This implies that there is no 

influence from the energy schedule on the overall operating cost. The results are 

verified by the first two sub-cases of Option 2 and Option 3 in the Table 2.3. 

 For the special case when a single unit with constant marginal cost is used to 

supply the load and the energy schedule is submitted at true load obligation value, 

equation 2.6 reduces to equation 2.7, which expresses the charge incurred by Option 2 

in Table 2.3. 

 ( ) ( )SPPMCF G −−×= ρ     (2.7) 

2.4.2 Cost Components with Under/Over-Scheduling Charge 

When the transmission system is under congestion and the load schedule 

deviation is greater than 4% of actual load, an under/over-scheduling charge will be in 

effect. The direction of these charges will depend on the value of the LIP at the resource 

and load settlement locations as described in Section 2.3.2 and 2.3.3. With under/over-

scheduling charges, the total operating cost becomes 



 

 40

( ) ( ){ } ( )

ylingPenaltOverSchedutyulingPenalUnderSched

LSPPCF L

N

i
iLGi

N

i

N

i
iGii

++

×+⎟
⎠

⎞
⎜
⎝

⎛
×−+⎟

⎠

⎞
⎜
⎝

⎛
−= ∑∑ ∑

== =

ρρρρ
11 1  

( ) ( ){ } ( )

( ) ( )( ) ( ) ( )( )∑∑

∑∑ ∑

<
<
=

>
>
=

== =

−×−+−×−+

×+⎟
⎠

⎞
⎜
⎝

⎛
×−+⎟

⎠

⎞
⎜
⎝

⎛
−=

N

SP
k

ylingPenaltOverSchedu

kkGkL

N

SP
j

tyulingPenalUnderSched

jjLGj

L

N

i
iLGi

N

i

N

i
iGii

LGk
kk

LGj

jj

PSSP

LSPPCF

ρρρρ

ρρρρ

ρρρρ

11

11 1

 (2.8) 

Rearranging equation 2.8 gives 
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 Equation 2.9 implies that, for schedules subjected to an over/under-scheduling 

charge, the profit in excess of the cost to supply the obligated load will be forfeited. In 

other words, the energy generated from those schedules will be paid the same the 

energy is consumed at the load settlement location. Only schedules not subjected to 

under/over-scheduling charges may profit from the energy imbalance amount. 

 Attention should be paid for the last two cases of Option 3 in Table 2.3, i.e., 

when a unit with constant marginal cost is dispatched at a level over the firm load 

obligation. Without an energy schedule, the under-scheduling charge applies. However, 

the under-scheduling charge only applies to the schedule deficiency. Since the dispatch 
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instruction is greater than the load obligation, only the portion equal to the load value is 

subject to the charge. 

( ) ( ) ( ) ( )
( ) ( )LPPMCF

LLPPMCF

G

LGLG

−−×=
⋅−+×+×−×=

ρ
ρρρρ

   (2.10) 

 Equation 2.10 and the results in Table 2.3 verify that whenever under-

scheduling charge applies and the unit output is greater than the load obligation, the 

final settlement will be equal to the case when the MP submits a schedule matching the 

load (see equation 2.7). 

2.5 Optimal Strategy for Real-time Market Dispatch 

As discussed in previous section, the operational cost for utility supply should 

include both the production cost and the energy imbalance settlement cost. The energy 

imbalance settlement portion represents the financial obligation from the energy 

schedule as related to the imbalance energy price at different settlement locations. 

These cost components can be analyzed to determine a strategy for real-time unit 

dispatch. 

First, the concepts of congested path and counterflow path are introduced to 

identify the location of a resource with regards to its schedule. During periods of 

congestion, energy cannot be freely transferred through the grid due to the limitations 

on transmission line capacity. The transmission limit is directional, i.e., a line operating 

under capacity constraint implies that the transmission line capacity has been reached 

for power transfer from one end to the other only, say from point A to point B.  



 

 42

The schedule of energy from A to B is said to be on the congested path if the 

line transmission capacity has been reached along some part of the path. Additional 

power transfer under this schedule will only aggravate the transmission congestion. 

Since the transmission constraints limit the ability to transfer cheaper power from the 

resource to the load, the LIP at load location will naturally be higher than resource LIP. 

Therefore, a congested path is characterized by a resource LIP less than the load LIP. 

On the other hand, the path where the resource LIP is greater than load LIP is 

called the counterflow path. A scheduled delivery of power along this path will provide 

a counter-flow to alleviate the transmission congestion. During periods of congestion, 

the SPP would actually match power balance between sources and sinks on opposite 

sides of the congested path so as to reduce the need to transfer the power along the 

congested transmission line. The relationship between LIP and the constraints is 

illustrated in Figure 2.3. 

 

 

Figure 2.3 Locational imbalance price on congestion path and counterflow path 
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 Under the EIS market operation, SPP will communicate dispatch instructions to 

the resource owner every 5 minutes prior to the start of each deployment interval. The 

dispatch instruction identifies the dispatch MW set point that the resource should 

operate at the end of each deployment interval. SPP will send the dispatch instruction 

for resources identified as self-scheduled to be equal to the aggregated MW from the 

submitted schedules. For the resources identified as available to the market, the MW set 

point is calculated by the SPP. The resource owners are required to follow the SPP 

dispatch instructions. A violation of dispatch instruction results in both financial penalty 

and possible removal from the market dispatch if the violation is sustained for more 

than 6 consecutive deployment periods. According to the protocols [11], the removal 

penalty will remain in effect for the remainder of the day and the day after such 

deviation is observed. 

 Given the SPP dispatch set point Instruct
iP , the upper and lower bounds for a 

resource to operate at without uninstructed deviation penalty is given by 

( ) ( )( )25,%10min,5max,
Instruct

i
Instruct

i
UD
UpperBoundi PREGUPPP ×++=   (2.11) 

( ) ( )( )25,%10min,5max,
Instruct

i
Instruct

i
UD
LowerBoundi PREGDNPP ×−−=   (2.12) 

 The above equations identify limits to avoid the uninstructed deviation penalty; 

however, the actual operational boundary is also limited by the physical capacity of the 

resource. Therefore, for any deployment interval, the real-time upper and bound for unit 

dispatch are: 

( )UD
LowerBoundi

CAP
i

realdisp
i PPP ,min.min, ,max=     (2.13) 
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( )UD
UpperBoundi

CAP
i

realdisp
i PPP ,max.max, ,min=     (2.14) 

 The optimal strategy for real-time unit dispatch is derived by minimizing the 

total operating cost in equations 2.6 and 2.9. The objective function is to minimize the 

overall cost by adjusting resource output iP  within the allowed dispatch range given by 

equations 2.13 and 2.14. The scheduled energy iS  is fixed before the operating hour 

starts and the actual amount of demand consumption L  is known after the fact but can 

be estimated by the hourly demand forecast calculation. The evaluation of real-time 

dispatch strategy is separated into two cases. 

2.5.1 Optimal Real-time Dispatch without Under/Over-Scheduling Charge 

The under/over-scheduling charge does not come into play for those resources 

operating under the following conditions: 

1) The system operates without constraints (Resource LIP = Load LIP) 

2) The system is constrained, but the resource is under-scheduled on the path 

where the resource LIP is less than the load LIP 

3) The system is constrained, but the resource is over-scheduled on the path 

where the resource LIP is greater than the load LIP 

The second and third conditions represent the case where the resource owner 

actually loses profit by submitting inappropriate schedules. For example, if the schedule 

MW quantity is less than actual quantity and the resource LIP is less than the load LIP, 

the MP must pay for the load imbalance more than the revenue they get from the 

resource imbalance, leading to a net loss (negative profit) for the combined settlement 

amount. 
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Under the above conditions, the total operating cost is given by equation 2.6. 

The optimization of unit dispatch can be calculated by minimizing the Lagrange 

function corresponding to the objective function with constraints on the values of unit 

dispatch: 
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where min.iλ and max.iλ are the Lagrange multipliers corresponding to the lower 

and upper operating limits of each resource. 

 The necessary conditions for optimality are that the partial derivative of the 

Lagrange function with respect to each decision variable iP  be equal to zero, i.e. 
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 Note that for typical resources having a quadratic cost curve 

( ) 2
kkkkkk PcPbaPC ++= , the second derivative of Lagrange function would yield 

( ) [ ]NPP
cccdiagP 2...22, 21

**2 =Ψ∇ λ , which is positive definite for 0>∀ ic . 

Therefore, the solution to equation 2.16 yields the minimum operating cost. 

 From equation 2.16, the optimal solution for real-time dispatch without 

under/over-scheduling charges can be shown to be: 
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If 00 *
max,

*
min, == ii and λλ  (constraints are not binding) 

*
iP is obtained by solving   GPP i

IC ρ=⇒
= *   (2.17) 

If 00 *
max,

*
min, => ii and λλ  (lower bound constraint is active) 

realdisp
iPP min,

* = , which implies  GPP realdisp
i

IC ρ>⇒
= min,

  (2.18) 

If 00 *
max,

*
min, >= ii and λλ  (upper bound constraint is active) 

realdisp
iPP max,

* = , which implies  GPP realdisp
i

IC ρ<⇒
= max,

  (2.19) 

 Equations 2.17 to 2.19 show that the resources without over/under-scheduling 

charges should follow the locational imbalance price signal at the resource settlement 

location within the dispatchable range. This condition generally holds by default for the 

unit submitting offer curve at the true marginal cost to the SPP. Without constraints, the 

dispatch MW calculated from SCED would set the dispatch MW for the marginal unit 

at the market clearing price, and dispatch other units at their maximum/minimum 

boundary according to the ramp constraints for the same period. The resource 

settlement price Gρ  in each deployment interval is available with the dispatch 

instruction as communicated from the SPP. 

2.5.2 Optimal Real-time Dispatch with Under/Over-Scheduling Charge 

A unit is subjected to under/over-scheduling penalty if it operates under the 

following conditions 

1) The system is congested and the resource is under-scheduled on the path 

where the resource LIP is greater than the load LIP 
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2) The system is under constraint, and the resource is over-scheduled on the path 

where the resource LIP is less than the load LIP 

During the congestion period when the LIP varies and the resource is located 

where an over/under-scheduling charge applies, the total operating cost is represented 

by equation 2.9. The Lagrange function for this condition consists of three groups of 

resource: the resources without over/under scheduling charge, the resources that are 

subject to the under-scheduling charge, and the resources that are subject to the over-

scheduling charge. Applying the same optimality condition by setting the partial 

derivatives of the Lagrange function with respect to the MW output of each unit equal 

to zero, the optimality conditions for each group can be derived as follows: 

Unit group that is not subjected to under/over-scheduling charge 

The result yields the same optimality conditions as shown in equation 2.17 to 2.19, i.e. 

No active constraint  *
iP is obtained by solving GPP i

IC ρ=
= *        (2.20) 

Lower bound constraint is active realdisp
iPP min,

* =  GPP realdisp
i

IC ρ>⇒
= min,

    (2.21) 

Upper bound constraint is active realdisp
iPP max,

* =  GPP realdisp
i

IC ρ<⇒
= max,

    (2.22) 

Unit group that is subjected to under-scheduling charge 

In this case, using equation 2.9, the optimum depends on the location imbalance pricing 

at load settlement location instead of the resource settlement location, i.e. 

 No active constraint  realdisp
iii PPS max,<<  LPP i

IC ρ=⇒
= *          (2.23) 

 Lower bound constraint is active ii SP =*  LSP i
IC ρ>⇒

=
          (2.24) 
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 Upper bound constraint is active realdisp
ii PP max,

* =  LPP realdisp
i

IC ρ<⇒
= max,

    (2.25) 

Unit group that is subjected to over-scheduling charge 

Similar to under-scheduling case, the optimum depends on the location imbalance 

pricing at load settlement location instead of the resource settlement location, i.e. 

 No active constraint  ii
realdisp

i SPP << *
min,  LPP i

IC ρ=⇒
= *          (2.26) 

 Lower bound constraint is active realdisp
ii PP min,

* =  LPP realdisp
i

IC ρ>⇒
= min,

    (2.27) 

 Upper bound constraint is active ii SP =*  LSP i
IC ρ<⇒

=
          (2.28) 

Figure 2.4 illustrates the different cases of the real-time optimal dispatch 

strategy. 

It should be noted that the locational imbalance price for load settlement 

location is not available with the dispatch instruction as was the case for the resource 

imbalance price. The load LIP is only available at the end of each hourly settlement 

interval. Therefore, the forecast LIP must be used for the determination of optimal 

dispatch level under congestion. 

Another important point is that the dispatch instruction identifies the MW set 

point by settlement location. The resource settlement location can either represent a 

single generation unit or multiple units in the same plant depending on how the MPs 

register their resources with the SPP. If multiple resources are registered as a plant, the 

real-time economic dispatch program is required to derive the economic base point for 

each online unit. The economic dispatch and unit commitment of generating resources 

will be discussed in detail in Chapter 5 when we describe the unit commitment module. 
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Figure 2.4 Real-time dispatch strategies 
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2.6 Chapter Summary 

The energy imbalance service (EIS) market is the first market to be implemented 

by the SPP. The institution of EIS market poses a new challenge to the market 

participants to understand the market rules and adapt their operational strategy to 

accommodate the EIS market design. A comprehensive study of EIS market structure 

and the necessary functions required by the market participants are discussed in this 

chapter. The imbalance settlement in SPP-EIS integrates a unique under/over-

scheduling charge, which serves a temporal safeguard against arbitraging of spot market 

prices. The major components of the energy imbalance settlement were discussed. 

Different actions made in terms of market participation and the variation of the 

price may result in different financial settlement costs. A breakdown of utility operating 

cost under the new market design is analyzed with an example to illustrate how energy 

imbalance service is settled in different participation schemes. The analysis of cost 

components leads to the calculation of optimal real-time dispatch. The locational 

imbalance price is an important factor to identify the optimal dispatch set point during 

periods of congestion.   
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CHAPTER 3 

REAL-TIME ARTIFICIAL NEURAL NETWORKS 
SHORT-TERM LOAD FORECAST MODULE 

 

3.1 Introduction to Load Forecasting 

Reliability and secured service are essential for the electricity supply. While the 

utilities need to fulfill these prerequisites, their challenge is to maximize their short term 

and long term operational efficiency. Basic functions such as fuel allocation, unit 

commitment, and maintenance scheduling must be performed intelligently to ensure the 

optimization of resources and thereby minimize total production cost of the system. 

Load forecasting is an integral activity of all electric power utilities. It serves as 

a foundation for achieving the goal of optimal system planning. Since the economics of 

operation and control are closely linked to the level of demand, large savings can be 

realized by improving the accuracy of demand forecasts. The formation of the SPP-EIS 

market further accentuates the need for accurate demand forecasting. Firstly, the market 

participants need to submit accurate load forecast to the SPP on a daily basis. The SPP 

uses participants’ load forecasts to validate the resource planning and verify against the 

internal SPP control area load forecast. Secondly, the EIS market settlement 

incorporates penalties for those MPs who fail to submit accurate schedules in terms of 

over/under scheduling charges when the system is congested. The implementation of 

these charges is directly tied to the imbalance at the load settlement location. Inaccurate 
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load forecasts would thus expose MPs to these penalties, causing MPs to lose profits 

from their market participation. 

In general, utilities need to forecast load in four different time frames, each of 

which has its own significance to various functions in resource planning and control. 

The long term (up to 20 years) demand forecast is needed so that the utilities can 

conduct effective capacity planning to support economic growth and meet customers’ 

future power requirements. The long-term load forecast supports capital investment 

decisions, i.e. identifying optimal size and location of new facilities or upgrades to 

existing generation and transmission facilities to ensure reliability of the system. 

Medium-term load forecasting, covering a period from one month to one year in 

the future, is essential for fuel supplies and maintenance operations. The utility uses 

medium-term load forecasts to plan for fuel allocation and procurement, maintenance 

scheduling, and possibly securing bilateral contracts with a few months time frame. 

The short-term load forecast (STLF), ranging from 1 hour to 1 week ahead, is 

the most critical one that directly impacts the revenue and security of the system. It 

plays an important role in power system planning and operation including unit 

commitment, hydro-thermal coordination, interchange evaluation, and security 

assessment for all utilities. A great economic savings and more reliable operation of the 

system can be achieved by improved accuracy of short-term demand forecasts. 

The very short-term load forecast is performed in the shortest lead time, usually 

in few minutes ahead. Its main purpose is for real-time control and energy procurement 

to track the fluctuations of actual demand. The result of very short-term load forecasting 



 

 53

is also used for load curtailment when contingency is expected or to fire quick-start 

units as necessary. 

Of all the forecasting timeframes, STLF is the most critical one for SPP-EIS 

market participation. Hence, an effective artificial neural network short-term load 

forecast (ANNSTLF) model has been developed as part of this dissertation. The details 

of the ANNSTLF model are presented in the following sections. 

3.2 Methods for Short-Term Load Forecasting 

 The models proposed in the literature for short-term load forecasting 

applications can be generally categorized into three classes: time series models, 

regression-based models, and artificial intelligence models [13, 14]. 

 The time series was the first approach applied to STLF applications. Stochastic 

time series has been proposed in the literature [15]. The stochastic time series class 

includes the auto-regressive model (AR), moving-average model (MA), autoregressive-

moving average model (ARMA), and autoregressive-integrated moving average model 

(ARIMA). The time series model is occasionally referred to as a univariate model since 

it assumes the load series is a stochastic process with no dependency on other variables. 

Under this assumption, the model has weaknesses in its adaptability. Time series 

usually performs well under normal conditions, but the performance degrades during 

periods of abrupt environmental changes. 

 The second class of STLF model is based on regression analysis. The 

regression-based model employs multi-variable regression to estimate the dependency 

of load on weather variables or other descriptive variables [16]. Kalman filter 
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estimation is commonly used for the estimation of regression parameters [17]. The 

drawback of regression analysis is that the relationship between load and descriptive 

variables is non-linear. The formulation of an explicit model to represent the input-

output relation is therefore complex and time-consuming. The practical experience by 

the client utility reveals another limitation of regression-based models on its ability to 

perform accurate forecasts in shoulder seasons. In order to perform well, separate 

instances of the regression model must be constructed to forecast load in difference 

seasons. A large error was observed during season changes when human behavior is 

uncertain and does not conform to the specific structure of any model developed for an 

individual season. 

 The latest and so far the most popular model in practical STLF application is 

based on artificial intelligence techniques. The expert system was introduced in the late 

1980’s [18], initially as a rule-based technique to emulate human reasoning and model 

expert decision processes. In the area of artificial intelligence, Artificial Neural 

Networks (ANN) has proved to be the most successful model for application to load 

forecasting. The method is well-accepted and becoming a standard approach for STLF. 

The outstanding benefit of ANN lies in its ability to learn complex and non-linear 

relationships that are difficult to model by other conventional methods. The ANN 

approach does not require an explicit adoption of a functional relationship between load 

and explanatory variables. Instead, ANN learns this relationship through a training 

process. This makes ANN relatively convenient to implement and requires a shorter 

development time. Many success stories of ANN application to STLF have been 
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reported [19-25]. A good review of various advanced ANN algorithms applied to STLF 

is presented in [26]. 

Although many ANN algorithms have been proposed and claimed successful in 

performing STLF, there is no readily available structure that can be applied to every 

system. Each system has its own unique characteristics which need a detailed analysis 

as the first stage of the model design. The development of an STLF model in this 

dissertation aims to capture the load characteristic of the sponsor utility; the historical 

load and weather records of this particular utility have been used to verify the model. 

3.3 Load Series Analysis 

The available data in this study are hourly load and temperature records from the 

sponsor utility from 2002 to 2006. In order to utilize this data in a logical manner, the 

dynamic behavior of the load series is firstly analyzed. Load profile analysis provides 

valuable information to identify the proper structure of the effective STLF model for the 

target system. 

3.3.1 Peak Demand and Energy Use by Month 

Table 3.1 shows monthly peak demand from the year 2002 to 2006, based on the 

actual load data. The highest peak in 2006 occurred in July with a peak load of 1409 

MW. This peak period is consistent in magnitude and in timing with previous years. 

The highest peak is typically observed in the late summer during which cooling 

appliances are intensively used, being the hottest time of the year. 
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Table 3.1 Monthly Peak Energy Demand from 2002 to 2006 

YEAR 2002 2003 2004 2005 2006 
January 995 1048 1093 1122 963 

February 954 1095 1026 1002 1140 
March 945 944 784 905 973 
April 730 788 754 775 1020 
May 871 1052 986 1128 1219 
June 1023 1066 1124 1243 1244 
July 1132 1190 1199 1285 1409 

August 1123 1225 1216 1259 1382 
September 1074 981 1146 1199 1155 

October 869 801 805 1015 - 
November 843 880 926 976 - 
December 909 951 1133 1248 - 

PEAK 1132 1225 1216 1285 1409 
Yearly Change  8.22% -0.73% 5.67% 9.65% 

 

Table 3.2 Monthly Energy Usages in MWh from 2002 to 2006 

YEAR 2002 2003 2004 2005 2006 
January 493544 533018 544385 588709 539801 

February 421280 477902 517606 485606 525872 
March 457885 446701 446134 498257 501727 
April 390374 393438 416128 443248 485376 
May 414438 453318 501712 511516 561500 
June 513200 490347 533705 608238 642208 
July 581086 654512 613306 678906 752401 

August 603331 636414 587537 672096 750073 
September 486062 455111 541734 598634 532523 

October 426715 428831 455235 495155 - 
November 430905 449487 471231 487656 - 
December 500163 522399 568016 611598 - 
TOTAL 5718983 5941478 6196729 6679619 5291481 

Yearly Change  3.89% 4.30% 7.79%  
 

Table 3.2 lists the energy consumption by month. In 2005, the total energy usage 

in the sponsor utility’s service area was 6.679 million MWh. The maximum energy 
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usage months are in the same period as the peak records in Table 3.1. The energy usage 

increased by 4.3% from 2003 to 2004 and 7.79% from 2004 to 2005. 

3.3.2 Pattern of Demand 

Demand consumption is dynamic. Temperature variations, human behavior, and 

system outages may affect the load level. Figure 3.1 shows the daily minimum and 

maximum of the utility’s loads from 2003 to 2005. The daily maximum demand varies 

significantly across the seasons and normally peaks in summer (mid-June until the end 

of August). The second peak period is in winter (from December to February). In 

addition, the gap between the daily maximum and minimum demand are wider in 

summer as compared to other periods of the year. The widest gap, 600 MW, was 

observed on 7/3/2005, a week before the summer peak of that year. It is interesting that 

there was a time when the 2005 winter peak reached 1248 MW, which is almost as high 

as summer peak (1285 MW) of the same year. 

Figure 3.2 shows hourly load averages for each day of the week from the year 

2004 and 2005. As shown in Figure 3.2, hourly average daily load shapes are almost 

identical for both years except for the average value. The plot illustrates how the load 

varies from hour-to-hour and from day-to-day. Three working days (Tuesday to 

Thursday) have similar load patterns, while other days (Monday, Friday, Saturday, and 

Sunday) seem to have distinct patterns from other days of the week. Due to the variation 

of load pattern between days, 5 groups of similar load pattern are categorized (Monday, 

Tuesday to Thursday, Friday, Saturday, and Sunday). The structure of the ANNSTLF 

model will follow this day type load pattern analysis. 
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Figure 3.1 Daily maximum and minimum energy usages from 2003 to 2005 

 

 

Figure 3.2 Mean hourly loads for each day of the week in 2004 and 2005 
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3.4 Neural Networks Structure and Training 

The formulation of an artificial neural networks model to perform STLF entails 

several important steps. Factors such as the model structure, input variable selection, 

and training algorithm play significant roles in the quality of the resulting model. 

3.4.1 Load Pattern Clustering 

Figure 3.2 illustrates that load on different weekdays exhibits distinct load 

patterns. It is generally inefficient to forecast different load patterns using a single 

model. Therefore, separate ANN structures are used to forecast load for different day 

types in the developed STLF model. Five sets of ANN model are implemented 

- Structure day type 0 [D0]: use to forecast load on Monday 

- Structure day type 1 [D1]: use to forecast load on Tuesday to Thursday 

- Structure day type 2 [D2]: use to forecast load on Friday 

- Structure day type 3 [D3]: use to forecast load on Saturday 

- Structure day type 4 [D4]: use to forecast load on Sunday 

 The most common ANN model, a multi-layer feed forward network, is 

employed in this research. Theoretically, given a sufficient number of hidden units, a 

feed forward ANN with a single hidden layer has the capability to approximate any 

nonlinear function. In most cases, a higher number of hidden layers is not required [13]. 

A three-layer feed forward ANN model is implemented. The model is composed of one 

input layer, one hidden layer, and one output layer. Each layer is connected by 

connection weights. The architecture of the three-layer feed forward ANN model is 

shown in Figure 3.3. 
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Figure 3.3 Three-layer feed forward neural network structure 

3.4.2 Selection of Input Variables 

The selection of input variables is another important step in the design of an 

ANNSTLF model. The performance of the model depends largely on how well the load 

affecting factors are selected. The artificial neural networks learn the relationship 

between input and output variables from the provided input-output vectors. If some 

variables are irrelevant, the model may fail to discern a good relation and be unable to 

perform accurate forecasting. Including uncorrelated or insignificant inputs also 

escalates the complexity to the model, leading to a prolonged training time and forecast 

calculations. An extended processing time is unsuitable for online applications where 

the model is usually retrained in a regular basis. 

In STLF, the key variables are time, weather variables, and previous interval 

loads [22]. These variables should be carefully selected to optimize the number of 

necessary inputs in the model. Two methods are combined to identify the significance 
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of input variables used in this research. The first method evaluates the magnitude of the 

impact of each input by calculating a sensitivity factor based on the partial derivative of 

the output with respect to an individual input from the well-trained network [28]. The 

partial derivative distinguishes the relevant inputs from others with less relevance. For a 

three-layer feed forward ANN structure, the partial derivative of the output with respect 

to an individual input can be calculated as the summation of the product of weights and 

the first derivative of neuron’s activation functions that connect the input unit and 

output unit for all possible paths, as described by equation 3.1. 
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where  jki ,,  are the indices of the input unit, hidden unit, and output unit, respectively 

kjw is the weight between hidden node k to output node j  

ikw is the weight between input node i to hidden node k  

( )netf  is the activation function 

Another approach to identify the potential input variables is by statistical 

correlation analysis. The statistical technique evaluates the correlation between each 

input and the output. Correlation coefficients with a magnitude closer to 1 imply more 

influence of corresponding input variable to the load. The autocorrelation of the load 

series provides information on how many past hour loads should be considered. The 

correlation of two sets of data X and Y is defined as follows. 
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Table 3.3 Correlation Coefficient and Partial Derivative Index in Summer 

SUMMER 
 Correlation Coefficient Partial Derivative Index 
 D0 D1 D2 D3 D4 D0 D1 D2 D3 D4 

Lh-1 0.971 0.970 0.972 0.972 0.973 1.133 1.124 1.071 1.177 0.999 
Lh-2 0.893 0.889 0.894 0.895 0.901 0.391 0.395 0.259 0.354 0.539 
Lh-3 0.773 0.768 0.776 0.777 0.790 0.254 0.331 0.100 0.161 0.205 
Lh-4 0.620 0.613 0.627 0.627 0.647 0.113 0.178 0.046 0.121 0.040 
Tmin 0.367 0.422 0.453 0.449 0.450 0.013 0.051 0.033 0.021 0.047 
Tmax 0.417 0.463 0.494 0.473 0.504 0.035 0.007 0.025 0.029 0.042 

Th 0.918 0.902 0.930 0.931 0.929 0.175 0.125 0.141 0.168 0.132 
Th-1 0.955 0.942 0.961 0.965 0.963 0.194 0.140 0.120 0.077 0.090 
Th-2 0.946 0.939 0.950 0.954 0.954 0.079 0.084 0.108 0.088 0.174 
Th-3 0.889 0.890 0.897 0.897 0.903 0.080 0.039 0.099 0.064 0.084 
Th-4 0.787 0.795 0.803 0.799 0.811 0.043 0.113 0.099 0.093 0.087 

 

Table 3.4 Correlation Coefficient and Partial Derivative Index in Winter 

WINTER 
 Correlation Coefficient Partial Derivative Index 
 D0 D1 D2 D3 D4 D0 D1 D2 D3 D4 

Lh-1 0.932 0.942 0.943 0.945 0.941 1.535 1.382 1.498 1.455 1.289 
Lh-2 0.778 0.809 0.811 0.819 0.805 0.627 0.807 0.840 0.700 0.847 
Lh-3 0.593 0.652 0.658 0.666 0.642 0.311 0.536 0.486 0.358 0.344 
Lh-4 0.419 0.505 0.518 0.521 0.489 0.242 0.054 0.092 0.055 0.072 
Tmin -0.519 -0.626 -0.663 -0.601 -0.536 0.085 0.036 0.054 0.017 0.026 
Tmax -0.477 -0.618 -0.647 -0.500 -0.453 0.038 0.007 0.076 0.022 0.039 

Th -0.608 -0.705 -0.738 -0.684 -0.631 0.421 0.247 0.245 0.286 0.261 
Th-1 -0.628 -0.709 -0.748 -0.703 -0.655 0.290 0.100 0.097 0.114 0.171 
Th-2 -0.615 -0.686 -0.725 -0.691 -0.641 0.061 0.039 0.065 0.123 0.225 
Th-3 -0.582 -0.647 -0.683 -0.655 -0.602 0.300 0.211 0.259 0.202 0.311 
Th-4 -0.541 -0.602 -0.634 -0.612 -0.553 0.201 0.177 0.276 0.108 0.148 
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Both partial derivative analysis and correlation coefficient analysis are applied 

to identify potential inputs in the developed ANNSTLF model. The correlation and 

partial derivative index analysis of load data in the summer and winter seasons of the 

year 2005 are summarized in Table 3.3 and Table 3.4, respectively. 

Table 3.3 and Table 3.4 show that correlation coefficients between load and 

temperature in summer and winter have opposite sign due to contrary human behavior. 

In summer, residential consumers turn on cooling appliances when the temperature 

increases, yielding a positive correlation index (demand consumption and temperature 

change in the same direction). In winter, on the other hand, people crank up the heat 

when the temperature drops, causing the demand to change in the opposite direction of 

the temperature and thereby providing a negative correlation index. 

Load series data also exhibits daily periodicity, corresponding to cyclic human 

behavior. Hence, it is also important to include the time variable into the model. In 

order to preserve the cyclic continuity, a pair of time variables is used to represent the 

forecasting hour h  in the model. 
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According to the above analysis, the following quantities are selected as 

potential inputs to the short-term load forecast model to forecast load at hour h  

Time variables: ⎟
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Lagged load:  21 −− hh LL   

Temperature:  hh TT 1−  (forecast temperature at hour h ) 

3.4.3 Data Preprocessing 

Some data manipulation is involved during the training and forecasting process. 

Since the load and temperature input parameters have greatly different ranges of values, 

a scaling of individual inputs to similar ranges is recommended to enhance stability of 

the training process. Data scaling is critical when a sigmoid function is used at output 

neurons because the sigmoid function, such as hyperbolic tangent, can only span a 

certain range, i.e. from 0 to 1 or -1 to 1. Accordingly, the output range of the model 

must fit within the neural activation limits. The developed ANNSTLF model applies a 

linear activation at the output neurons and sigmoid activation at the hidden neurons. 

When linear activation is used at the output layer, strictly speaking, output 

scaling is not strongly required. However, the process is beneficial for extracting 

underlying relationship between variables and to prevent some input variables with 

higher magnitudes from suppressing the influence of other variables with smaller 

magnitudes. The following steps are applied to normalize input/output data range 

1) Collect weather and load training data  

2) Calculate basic statistics (mean, maximum, minimum, standard deviation) 

for each variable in the training data set 

3) For each variable, perform data normalization using the statistics calculated 

in step 2. All the input/output variables are scaled to have zero mean and 

unity standard deviations by the transformation 
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where xμ is the mean of original variable x in the training data set 

 xσ is the standard deviation of original variable x in the training data set 

4) Save the statistics from step 2 to convert the output to its original range in 

the forecasting process. The output of the network is converted to the 

original, untransformed range by equation 3.6 

outxx sx ⋅+= σμ     (3.6) 

3.4.4 Activation Function and Training Algorithm 

An artificial neural networks model is capable of mapping non-linear functions 

because of the non-linear activation used in the hidden units. A common activation 

function applied in ANN models is the sigmoid (s-shape) type such as hyperbolic 

tangent or logistic function. The hyperbolic tangent is preferable because it can produce 

both positive and negative outputs, which are applicable to a wider range of systems. 

Another benefit is that the first derivative of the hyperbolic function can be rapidly 

computed from the function value itself. Efficiency of computing the first derivative is 

beneficial for speeding up the training process. The hyperbolic function in equation 3.7 

is applied in the developed model. 
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The feed-forward ANN associates the output to inputs by a training process. 

The model is trained in a supervised manner, which means that network training adjusts 

the connection weights according to the known set of input-output patterns. Parameter 

adjustment aims to minimize the Mean Square Error (MSE) between the target output 

and the estimated output of the network. The Lavenberg-Marquardt approach is applied 

to train the model [29]. This method offers a fast training speed with relatively low 

computational cost, best suited for medium size networks (containing up to one hundred 

weights). Network weights and biases are updated in batch mode, i.e. weight adjustment 

takes place once the entire set of training patterns have been presented to the model. 

Multiple trainings reduce the possibility of non-optimal parameter selection at local 

minima due to the nature of weight optimization. Each network is trained from three 

different random starting points and the weights yielding the minimum error is chosen. 

The retraining process is performed daily. A technique called the nearest 

neighboring is applied in the retraining process. The training data set consists of 4 

weeks of data before the forecast date in the current year, and 4 weeks of data around 

the forecast date (before and after the forecast date) from the previous year. This 

technique ensures that network weights are adjusted based on the load profile that is 

similar to the active load profile in every period of the year. This also eliminates the use 

of a seasonal index, which may degrade network performance during periods of 

seasonal changes. 
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3.4.5 Number of Hidden Units Selection 

The number of input units and output units are fixed by the number of input and 

output variables, respectively. In the developed STLF model, there are 6 input units 

representing each input variable in Section 3.4.2, and one output unit representing the 

forecast load at the target hour. A question remains as to how many neurons should be 

used in the hidden layer. The number of hidden units is determined by the complexity of 

the problem and the size of the training data. There is a trade-off between accuracy and 

generalization ability that results from the number of hidden neurons. Essentially, the 

best generalization (qualified as the ability to perform accurate forecast on patterns not 

present in the training data set) is obtained by the network with the number of hidden 

units just large enough to adequately fit the data in the training set. There is no rigorous 

rule to determine the optimal number of hidden neurons; however, a rule of thumb 

proposed in [22] is given in equation 3.9. In most cases, selection of the number of 

hidden neurons is empirically determined. 

outputofnumberinputofnumberunithiddenofNumber ×≅   (3.9) 

The forward search approach is used to evaluate the proper number of hidden 

neurons in the model. For each network, 10 percent of the training data is set apart from 

the training set to be used as testing data. The method starts by setting the estimated 

number of hidden units as suggested by equation 3.9 and repeatedly increasing it by 

one. At each iteration, the model is retrained using the training set and the forecast error 

with respect to the testing data is computed. The optimal number of hidden units is 

selected as the point where no significant improvement is observed by increasing the 
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number of hidden neurons, or when the testing forecast error starts to increase, which 

indicates a point where the network tends to memorize data and loses its generalization 

ability. The error trend and analysis for each network is shown in Figure 3.4. 

 

Figure 3.4 Training and testing MSE comparison for hidden unit selection 

 



 

 69

3.5 Simulation and Testing of the ANNSTLF Model 

The performance of the developed ANNSTLF model has been verified using 

actual load and temperature data from the sponsor utility. The ANNSTLF model can 

produce an hourly forecast load up to 7 days in advance. Based upon the suggestion by 

the utility engineer, two types of forecast output deserve particular attention with regard 

to the generation planning in practice. 

The first one is the day-ahead (DA) forecast. The DA forecast is the load 

forecast result available at the time when the generation planning is performed. The 

forecast is locked at a particular hour on the day prior to the operating day. The exact 

hour depends on the utility practice or market rules. Under SPP-EIS protocols, the 

resource plan, which reflects the result from the generation planning, must be submitted 

to the market by hour ending 1100 on the day prior to the operating day. Accordingly, 

the DA forecast is locked at hour ending 1000 on the day ahead in the simulation. For 

example, the DA forecast of Tuesday load will be saved at hour ending 1000 on 

Monday. Similarly, the DA forecast of Wednesday load is locked at hour ending 1000 

on Tuesday, and so on. 

Another set of forecasts warranting careful analysis is the hourly-adjustment 

(HA) forecast. The HA forecast is updated every hour from the latest available load and 

temperature data from SCADA/EMS during the day. In the market, this type of forecast 

is useful for resource re-dispatch to update the resource plan prior to the start of each 

operating hour. In addition, HA forecast can be used to support the decisions of short-

term purchases/sales. Since this forecast is calculated with more recent data and with a 
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shorter lead time, HA forecast results are expected to be more accurate than DA 

forecasts. 

The overall structure of the ANNSTLF model is shown in Figure 3.5. The 

offline training provides a first set of weighting parameters trained by historical data. In 

the online implementation, the load and weather data from local meters are updated by 

SCADA/EMS on an hourly basis. Temperature forecasts are obtained from a 

commercial weather forecast service provider. All data is internally validated to 

distinguish possible anomalous data such as an error in meter reading. At the present 

time, an absolute threshold is set by the user for the meter reading verification. With the 

hourly updated information from SCADA, the forecast is re-adjusted every hour. The 

networks are retrained daily at the beginning of the day to produce up-to-date weights 

for the load forecast of the following days. 

 

 

Figure 3.5 Structure of ANNSTLF model 
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The accuracy of the model is assessed by comparing actual and forecast values. 

Three indices are used to measure the model’s accuracy. 
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1001
1

×
−

= ∑
=

N

i i

ii

Actual
ForecastActual

N
MAPE     [%]     (3.10) 

Mean Percentage Error:   

( )
1001

1
×

−
= ∑

=

N

i i

ii

Actual
ForecastActual

N
MPE    [%]     (3.11) 

Root Mean Square Error: 

 ( )∑
=

−=
N

i
ii ForecastActual

N
RMSE

1

21    [MW]   (3.12) 

The simulation period covers the entire 2005 year. The performance index from 

the output of each network by month is given in Tables 3.5 to 3.9. Table 3.10 

summarizes the average performance for all day types. The forecast and actual hourly 

loads for selected representative time intervals in each season are plotted in Figures 3.6 

to 3.9.  

As seen from the figures, the forecast load curve closely matches the actual load 

curve. Table 3.10 shows that the day-ahead (DA) forecast has a higher error than the 

hourly adjustment (HA) forecast, an expected consequence of the longer time lead. The 

MAPE gap between the DA forecast and HA forecast for each month is shown in 

Figure 3.10. The error difference is highest in winter during which the temperature 

varies over a wider range. More accurate forecasts are observed in summer, which has 

more stable weather and steady demand patterns. 
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Table 3.5 Performance Index of ANNSTLF Model for Network D0 (Monday) 

Network D0 (Monday) 
Day Ahead Forecast Hourly Adjustment Forecast MONTH N 

MAPE[%] MPE[%] MSE[MW] MAPE[%] MPE[%] RMS[MW] 
Jan 5 2.53 -0.32 23.74 2.14 0.12 19.66 
Feb 4 3.13 0.16 25.28 2.21 0.23 19.00 
Mar 4 2.33 -0.48 17.89 1.62 -0.68 13.91 
Apr 4 2.87 -1.93 22.41 2.42 1.59 18.92 
May 5 2.94 -0.19 25.62 1.93 0.75 16.89 
Jun 4 1.97 -0.74 22.63 1.91 -1.20 21.69 
Jul 4 2.28 -0.25 25.78 2.21 0.50 25.05 

Aug 5 2.80 -1.44 30.67 2.15 -0.04 27.60 
Sep 4 1.91 -0.59 19.22 1.68 0.03 17.28 
Oct 5 2.68 -0.55 27.14 2.32 0.26 20.48 
Nov 4 2.98 -0.82 27.74 1.82 -0.19 16.23 
Dec 4 2.60 -0.56 27.71 1.97 0.39 19.48 

Average 52 2.58 -0.64 24.65 2.03 0.15 19.68 
 

 

Table 3.6 Performance Index of ANNSTLF Model for Network D1 (Tue to Thru) 

Network D1 (Tuesday, Wednesday and Thursday) 
Day Ahead Forecast Hourly Adjustment Forecast MONTH N 

MAPE[%] MPE[%] MSE[MW] MAPE[%] MPE[%] RMS[MW] 
Jan 12 3.10 -1.05 38.83 2.15 -0.16 37.71 
Feb 12 2.05 0.91 18.50 1.59 -0.09 14.79 
Mar 15 2.34 -0.94 19.98 1.49 0.20 13.16 
Apr 12 2.35 0.72 17.99 1.87 -0.43 15.29 
May 13 2.26 -0.27 19.51 1.55 0.11 13.53 
Jun 14 2.12 -1.15 23.02 1.60 -0.13 18.91 
Jul 12 1.92 -0.34 22.32 1.53 -0.08 19.03 

Aug 14 2.03 0.17 25.07 1.61 -0.17 21.82 
Sep 13 1.81 -0.49 18.98 1.43 -0.16 15.05 
Oct 12 2.27 -0.65 20.05 1.70 0.27 14.73 
Nov 14 2.39 0.41 22.24 2.09 -0.14 18.82 
Dec 13 2.91 -1.28 40.31 2.41 -0.17 39.47 

Average 156 2.29 -0.33 23.90 1.75 -0.08 20.19 
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Table 3.7 Performance Index of ANNSTLF Model for Network D2 (Friday) 

Network D2 (Friday) 
Day Ahead Forecast Hourly Adjustment Forecast MONTH N 

MAPE[%] MPE[%] MSE[MW] MAPE[%] MPE[%] RMS[MW] 
Jan 4 2.48 -0.35 26.49 2.24 -0.53 21.97 
Feb 4 1.61 0.08 14.16 1.55 -0.26 13.63 
Mar 4 2.55 0.49 20.07 1.65 0.23 13.97 
Apr 5 2.55 0.37 19.02 2.13 -1.04 15.98 
May 4 2.40 -0.59 22.31 1.70 0.38 14.51 
Jun 4 2.16 -0.14 20.70 1.98 0.18 18.99 
Jul 5 2.11 -0.59 23.32 2.02 -0.46 27.09 

Aug 4 1.83 0.12 22.53 1.47 -0.02 17.65 
Sep 5 2.08 0.15 20.85 1.70 -0.12 16.53 
Oct 4 2.48 -0.34 19.40 2.09 0.35 16.53 
Nov 4 3.05 0.26 25.64 1.73 -0.59 16.39 
Dec 5 2.38 0.07 24.86 1.44 -0.23 16.02 

Average 52 2.31 -0.04 21.61 1.81 -0.18 17.44 
 

 

Table 3.8 Performance Index of ANNSTLF Model for Network D3 (Saturday) 

Network D3 (Saturday) 
Day Ahead Forecast Hourly Adjustment Forecast MONTH N 

MAPE[%] MPE[%] MSE[MW] MAPE[%] MPE[%] RMS[MW] 
Jan 5 3.79 1.82 36.63 1.86 -0.34 16.90 
Feb 4 2.37 -0.55 20.65 1.81 -0.55 15.54 
Mar 4 2.27 0.97 17.89 1.98 -0.04 16.71 
Apr 5 2.63 0.73 20.68 1.99 -0.43 15.40 
May 4 3.28 -1.22 33.36 2.04 0.62 16.28 
Jun 4 1.79 -0.14 17.77 1.56 0.10 15.29 
Jul 5 1.72 -0.18 21.24 1.66 -0.35 21.19 

Aug 4 1.74 0.66 19.55 1.57 0.10 16.80 
Sep 4 1.82 0.25 19.43 1.59 -0.24 16.12 
Oct 5 2.51 -0.23 22.93 1.82 0.13 14.78 
Nov 4 2.09 -0.46 17.08 1.61 0.21 12.39 
Dec 5 2.61 0.19 26.16 1.64 0.42 16.43 

Average 53 2.39 0.15 22.78 1.76 -0.03 16.15 
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Table 3.9 Performance Index of ANNSTLF Model for Network D4 (Sunday) 

Network D4 (Sunday) 
Day Ahead Forecast Hourly Adjustment Forecast MONTH N 

MAPE[%] MPE[%] MSE[MW] MAPE[%] MPE[%] RMS[MW] 
Jan 5 2.88 0.70 29.10 1.82 -0.59 17.65 
Feb 4 2.71 -0.01 21.44 2.20 0.84 17.62 
Mar 4 2.44 0.95 18.95 2.06 -0.64 17.22 
Apr 4 3.82 -1.94 28.99 2.46 1.20 18.47 
May 5 2.91 0.11 27.51 2.19 -0.20 17.92 
Jun 4 2.35 -0.07 25.06 1.83 -0.53 17.66 
Jul 5 2.62 -1.12 45.15 2.61 -0.58 46.14 

Aug 4 2.48 -1.12 33.86 2.47 -0.60 39.58 
Sep 4 2.81 -0.79 38.37 2.23 -0.58 35.93 
Oct 5 3.47 0.07 30.79 2.23 0.32 18.47 
Nov 4 2.01 -0.48 15.90 1.84 0.16 14.52 
Dec 4 3.25 0.50 34.98 1.61 -0.14 15.37 

Average 52 2.81 -0.27 29.18 2.13 -0.11 23.05 
 

 

Table 3.10 Performance Index of ANNSTLF Model for All Networks 

All networks combined 
Day Ahead Forecast Hourly Adjustment Forecast MONTH N 

MAPE[%] MPE[%] MSE[MW] MAPE[%] MPE[%] RMS[MW] 
Jan 31 3.00 -0.10 33.44 2.06 -0.26 27.77 
Feb 28 2.28 0.34 19.83 1.79 0.00 15.83 
Mar 31 2.37 -0.21 19.34 1.66 -0.05 14.43 
Apr 30 2.70 -0.04 20.98 2.08 -0.05 16.40 
May 31 2.62 -0.36 24.40 1.80 0.26 15.36 
Jun 30 2.09 -0.69 22.33 1.72 -0.25 18.72 
Jul 31 2.08 -0.47 27.71 1.89 -0.19 27.48 

Aug 31 2.15 -0.20 26.43 1.78 -0.15 24.83 
Sep 30 2.00 -0.34 22.90 1.64 -0.19 19.76 
Oct 31 2.60 -0.41 23.68 1.96 0.26 16.65 
Nov 30 2.46 -0.01 22.22 1.91 -0.12 16.88 
Dec 31 2.78 -0.50 33.89 1.97 -0.01 28.59 

Average 365 2.43 -0.25 24.76 1.85 -0.06 20.23 
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Figure 3.6 Hourly load forecast and actual values from February 14-27, 2005 (winter) 
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Figure 3.7 Hourly load forecast and actual values from May 9-22, 2005 (spring) 
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Figure 3.8 Hourly load forecast and actual values from August 8-21, 2005 (summer) 
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Figure 3.9 Hourly load forecast and actual values from November 14-27, 2005 (fall) 
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Figure 3.10 MAPE gap between DA and HA forecasts using ANNSTLF 

 

Overall, the developed ANNSTLF model achieved a satisfying forecast 

performance with the average MAPE of 1.85% for hourly adjustment forecasts and 

2.45% for the day-ahead forecasts. This error is well below the 4%, which is the energy 

schedule mismatch threshold at the load settlement location that would trigger the 

under/over-scheduling penalty in the imbalance settlement. The simulation 

demonstrates a satisfactory performance of the ANNSTLF model to perform hourly 

load forecasting in all periods of the year. 

3.6 Chapter Summary 

The Artificial Neural Networks based short-term load forecast (ANNSTLF) 

model has been developed as a part of the generation planning package. The details 

involved in the development of the ANNSTLF model are presented in this chapter. An 

analysis of demand consumption patterns suggests the use of small networks to capture 

distinct characteristics of load on different days of the week. A three-layer feed forward 

artificial neural network is employed, for which the input variables are identified by 
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correlation analysis and partial derivative analysis. Experiments were performed to 

determine proper structure of hidden neurons and assess the accuracy of the resulting 

model using historical data. The ANNSTLF model exhibits accurate forecasts with a 

mean absolute percentage error less than 2.5% for day-ahead forecasts and 2% for 

hourly adjustment forecasts. The proposed model demonstrated an impressive forecast 

performance that can be utilized for market load forecast submission and resource 

planning in the new market scheme.   
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CHAPTER 4 

HOURLY PRICE FORECAST MODULE 

 

4.1 Introduction to Price Forecast 

In the deregulated electricity market, price forecasting is important both in terms 

of generation planning and asset management. The price of electricity reflects 

interactions among supply, demand, constraints, and other market components.  

Accurate price forecasting is critical for power producers and consumers to optimize the 

benefits of the market. Electricity price forecasting has gained increasing interest among 

researchers over the past few years.  

With regards to the market, the researchers have focused on the forecast of 

either several-hour-ahead electricity price from the spot market or on the entire 24-hour 

day-ahead market price. In general, utilities have to schedule their generation planning 

several days ahead. The day-ahead market price forecast becomes a key factor in 

contract negotiation, resource scheduling, and bidding in the day-ahead market. 

Several-hour-ahead spot price forecasts, on the other hand, are used for generation re-

dispatch and the revision of offer submission into spot energy market. 

In the literature, three families of price forecasting techniques have been 

proposed. These three techniques are based on time series, neural networks, and wavelet 

transform analysis. Time series aim to capture the dynamic of energy price based on 
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potential explanatory variables updated by time steps [30]. There are two classes of 

stochastic time series: stationary and non-stationary processes. Since electricity prices 

exhibit high volatility, with non-constant mean and variance, a non-stationary time 

series model such as the Auto Regressive Integrated Moving Average (ARIMA) is more 

suitable in price forecasting applications [31-32]. Other variations of the time series 

model such as dynamic regression and transfer function model are also implemented in 

the literature to forecast electricity price [33]. 

The Artificial Neural Network (ANN) is another class of model being 

implemented for price forecasting. The feed forward back propagation ANN is 

particularly suitable for approximating a complex, non-linear function, which is 

characteristic of electricity pricing. The application of ANN to hourly price estimation 

is presented in [34-36]. 

Wavelet transform analysis has been extensively used in signal processing. The 

wavelet transform concept is similar to the Fourier transform, but the wavelet transform 

can represent non-periodic functions. Its application to price forecasting was recently 

proposed in [37]. Wavelets are implemented as a preprocessor to decompose the price 

and load series into sub-components. The multivariate time series model is applied to 

forecast the price in each sub-component, and the final forecast is the combination of 

individual sub-component forecasts. 

All the aforementioned approaches to price forecasting require laborious 

analysis and intricate mathematical models to forecast prices. Nevertheless, due to a 

high dynamic profile of electricity price in the real market, a consistently high accuracy 
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of forecast result cannot be guaranteed by any model. In this chapter, a simplified price 

forecasting model based on load profile matching is introduced and the forecast 

accuracy is compared with other estimators based on other price forecasting models. 

4.2 Price Forecast Timeline in the SPP EIS Market 

The objective of the price forecasting tool developed in this dissertation is to 

generate estimated hourly settlement prices that can be used in resource generation 

planning and forecast settlement analysis. The framework of this price forecast 

calculation is illustrated in Figure 4.1. The hourly price estimates for day D are 

calculated on day D-1, with historical settlement prices and demands up to a certain 

hour H. Under the rule specified in the SPP market protocols, MPs need to submit their 

resource plan and ancillary service capacity plan by hour ending 1100 on a day prior to 

the operating day. This requirement forces MPs to plan their generation schedules and 

perform the next day’s price estimation under the same timeline. As a result, the 

calculation of hourly settlement price forecast for day D would take place on day D-1 or 

before. The data available at this point is the hourly forecast demand of the current day 

and future days from short-term load forecasts, partial hourly demand and settlement 

prices of the current day for the past hours, and historical price and load data up to day 

D-2. Other factors such as system congestion, other market participant bidding, 

transmission and generation outages, market power, etc. can also influence the real-time 

energy price. However, such information is neither available to any MP nor can be 

foreseen at the time the price forecast is calculated. Therefore, these external factors are 

excluded from the price forecast model development in this research. 
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Figure 4.1 Time framework to forecast the hourly energy clearing price 

4.3 Analysis of Price Characteristics 

Electricity has distinct characteristics that distinguish it from other commodities. 

In particular, it is uneconomical to store electricity and transmission congestion may 

prevent delivery of electricity from one location to another. Due to the non-storability of 

electricity, electricity price exhibits high volatility. In general, the electricity price in a 

competitive market displays the following attributes [33]: 

- High frequency 

- Mean-reversion (non-constant mean and variance) 

- Daily, weekly, and yearly periodicity 

- Calendar effects (such as weekends and holidays) 

- High volatility 

- Presence of outliners (unusual spikes, mainly during periods of high demand) 

The above characteristics of the market clearing price can be seen in Figure 4.2, 

which plots the price series of the Midwest ISO (MISO) interconnection collected over 

a 3 month period from 05/01/06 to 07/31/06. The average price over the 3 month period 

is $44.45/MWh, with relatively high standard deviation of $30.97/MWh. A price spike 

is detected occasionally. The frequency of price spikes increases in July, a season of 

high demand. The daily periodicity of electricity price is illustrated in Figure 4.3, where 
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the hourly spot price is plotted for a selected week in June (06/19/06 to 06/25/06). The 

actual hourly demand from the same week is shown in Figure 4.4. In general, the energy 

Market Clearing Price (MCP) follows the demand trend, higher prices are observed 

during peak demand hours (hour 7 to hour 22) while low prices are settled at off-peak 

times.  

 

Figure 4.2 MCP series from MISO interconnection (05/01/06 to 07/31/06) 

 

 

Figure 4.3 One week hourly MCP from MISO interconnection (06/19/06 to 06/25/06) 
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Figure 4.4 One week hourly load from MISO interconnection (06/19/06 to 06/25/06) 

4.4 Hourly Price Forecast by Similar Load Profile Approach 

In order to forecast the market price of electricity, it is important to understand 

the general price behavior in electricity markets. The dynamic of hourly MCP does not 

necessarily follow a time series process. Modeling individual prices at each hour by 

assuming a correlation of prices between hours using a time series model has drawbacks 

for two reasons. First, the time series model forecasts each hourly value by moving 

from one time interval to the next, forecasting the current price as a function of past 

interval prices and demands, correlated by a polynomial function of backshift operator 

[31]. For the extended forecast, the forecast price in the hours far ahead would depend 

on the forecast price from previous hours. With the high volatility of electricity prices, 

error accumulation becomes a serious factor that degrades the validity of the model. 

Secondly, most MCP, especially the day-ahead MCP, are calculated based on bids and 

offers submitted at the same time for all hours. In this case, the information that sets the 

price is constant and available at the same time for the entire day. Implementing a time-

series model assuming hourly dependency would not conform to the structure of this 

market and is thereby unsound from the methodological point of view. 



 

 85

As mentioned earlier, electricity price varies as a result of several factors such as 

power demand, system reserves, transmission and generation constraints, bidding 

strategies, and market power. However, among these factors, most of them are 

unpredictable except for the power demand. More importantly, power demand plays an 

important role in the periodicity of market prices as seen in Figures 4.3 and 4.4. 

Analysis of the relationship between electricity price and demand in [39] reveals that 

the majority of factors contributing to uncertainty of the price are a reflection of regular 

fluctuations in the power demand. 

 

Figure 4.5 Hourly demand series from MISO interconnection (05/01/06 to 07/31/06) 
 

 

Figure 4.6 Logarithm of MCP series from MISO interconnection (05/01/06 to 07/31/06) 
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Figure 4.5 shows the load series from MISO interconnection over the same 

period as the price data in Figure 4.2. The variations of demand and price follow the 

same trend. However, the price data are highly dispersed and more volatile than the 

demand data. Electricity price series usually exhibit a non-constant mean and non-

constant variance. The non-constant mean comes from the variation of electricity 

demand, which is in some way reflected by the periodicity of day, week, month, etc. A 

non-constant variance of the price series can be handled by preprocessing the data with 

a logarithmic transform. The natural logarithm of the price series in Figure 4.2 is plotted 

in Figure 4.6. Preprocessing the price series by a logarithmic transform reduces the 

range of price variations. Also, the correlation between load and transformed price data 

in Figure 4.6 is more obvious than using the raw price series plotted in Figure 4.2. 

Accordingly, a logarithmic transform is included as a pre-processing phase in the 

developed price forecasting model. 

A price forecasting model based on similar day load profiles is implemented in 

this dissertation. This model offers a simple approach to forecasting hourly prices. The 

selection of similar day load is identified by the similarity index, which is defined as an 

inverse of the Euclidean norm of the hourly demand differences between the load 

profile of the forecast day ( fcst
hL ) and the load profile of a reference day ( hist

hL ) over the 

entire 24 hour period. The mathematical expression of the similarity index is: 

( ) ( ) ( )2
24

2
2

2
1 ...

1

LLL
S

Δ++Δ+Δ
=     (4.1) 

where hist
h

fcst
hh LLL −=Δ  
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To calculate the forecast price of the target day D, a weighted average of a set of 

historical prices from N similar days with closest proximity of load profiles is used. The 

weighting factor is proportional to the similarity index, and is applied to the logarithm 

pre-processed price. An exponential function is then applied to convert the forecast 

price to the actual value. The calculation is given in equation 4.2. 
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where  fcst
hP  is the forecast price at hour h on forecast day D 

 jS  is the similarity index of historical load day j  

( )j
h

j
h PP lnˆ =  is logarithm of price at hour h on historical load day j 

4.5 Price Forecast Performance Index 

In order to evaluate the accuracy of the proposed price forecasting model, some 

statistical measures are introduced. The principal statistic used is the Mean Absolute 

Percentage Error (MAPE), defined as 
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where true
hp  is the hourly recorded price 

est
hp  is the hourly estimated price 

Ntrue
hp ,  is the average value of hourly recorded price over an N-hour period 
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In equation 4.3, the average value of the price series is used instead of the 

absolute recorded value to avoid an adverse effect caused by very small or zero prices. 

The median can also be used as an alternative [35]. The number N  corresponds to the 

observation period, i.e., 24=N  and 168=N  for daily and weekly error, respectively. 

 In addition to MAPE, the Root Mean Square Error (RMSE) is also used to 

assess accuracy of forecast prices: 

( )∑
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21    (4.4) 

 In general, a good forecast model with sufficient explicative variables would 

yield a forecast error that follows a stationary Gaussian time series. A diagnostic check 

can be performed by comparing the observed values with estimated value obtained from 

the fitted model. One good representative index of variability is the error variance. A 

smaller variance of error implies a more consistent forecast model. The variance of 

error over an N observation period is calculated as 
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4.6 Simulation and Results 

Since the SPP market has not yet opened at the time of this research, the 

proposed price forecasting model was tested using data from the Midwest ISO 

interconnection and PJM interconnection. The available data from the Midwest ISO 

interconnection is the 5-minute real time MCP and 5-minute total demand for the entire 

Midwest ISO footprint from May 2006 to July 2006. The average value of the 5-minute 
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MCP and load over the entire operating hour are calculated to represent hourly 

settlement prices and loads. Data from the first month (May 2006) was reserved for load 

profile matching and the simulation of price forecasting was performed starting from 

the month of June. 

Figures 4.7 and 4.8 show the hourly price forecast simulation results for June 

and July using the proposed model. The search period for load profile matching is 60 

days, i.e., given hourly load profiles for the forecast day, the program explores historical 

load and price records 60 days back in time and calculates the similarity index of each 

day’s load using equation 4.1. The 5 days with most similar load profiles are selected 

for the weighted average in price forecast calculations. The same approach is applied 

while the simulation is moving forward to cover the entire simulation period. 

Figures 4.7 and 4.8 show that the forecast prices conform to the shape of actual 

price records. The hourly spot price of the Midwest ISO interconnection data fluctuates 

greatly and exhibits frequent price spikes. As a result, the MAPE is relatively high. The 

MAPE for simulated price forecasts is 20.1% and 28.84% in June and July, 

respectively. The corresponding mean errors in these two months are $3.157/MWh in 

June and -$7.678/MWh in July. 

 



 

 

 

Figure 4.7 Price forecast of MISO interconnection from 06/01/06 to 06/30/06 

 

Figure 4.8 Price forecast of MISO interconnection from 07/01/06 to 07/31/06

90
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Since the available price and load data from the MISO interconnection is 

limited, a more comprehensive study using the hourly day-ahead MCP from the PJM 

interconnection is also performed. Conejo et al.  [30] presented different algorithms that 

are practical in market price forecast application. Their results are based on the price 

and load series from the PJM interconnection in the year 2002. In order to make a 

reasonable comparison with their price forecast results, the same historical price and 

load records were collected from the PJM website. The forecast results in [30] are used 

as a benchmark to evaluate the forecast from the proposed model. 

Different algorithms presented in [30] includes 

(1) Naïve prediction – forecast price is assumed to be the same as the price from 

the most recent day that is of the same type. For Monday, Saturday, and Sunday, the 

price from the same day in the previous week is used. For Tuesday to Friday, the 

forecast price is the recorded price of the day before the forecast day in the same week. 

(2) ARIMA model – different structures of ARIMA model are applied to 

forecast the price in different seasons. ARIMA models the price as a time series and 

formulates the model that relates the price in the current interval to the price of past 

intervals with additional Gaussian error terms. The construction of the model requires 

the identification of an appropriate backshift operator that fits the stationary residue 

hypothesis. The optimal order of backshift operator to forecast PJM prices contains 168 

backshift coefficients that are allowed to vary season by season. 

(3) Dynamic Regression [DR] – in dynamic regression, the current hour price is 

related to the previous hour prices, as well as the previous demands. Regression 
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analysis is performed to find the optimal backshift operator coefficients that yield an 

uncorrelated error in the regression model. The final model contains parameters with 

order as high as 193 for both price and load series.  

(4) Transfer Function [TF] – similar to DR, the transfer function models the 

current hour price as a function of past hour prices and demands. However, the price 

and demand series are assumed to have constant means and variances in this model. 

Three polynomial backshift functions are used to relate the current price to the past 

prices, past demands, and also the past error series. Again, high order backshift 

polynomial functions are required to forecast prices. 

(5) Neural Network [NN] – a multi-layer perceptron with one hidden layer is 

applied to forecast the price. The hidden units employ the hyperbolic tangent as a 

transfer function. The network is trained once per day to calculate the price forecast on 

an hourly basis. Nineteen previous price points with 10 hidden units are utilized in the 

final model to forecast PJM price. 

(6) Wavelet Transform [WL] – a discrete wavelet transform decomposes the 

price series and load series into different sub-components. Price and load variations in 

each component are related by linear multivariable regression. Three sub-components 

are developed in the paper. Price forecast is calculated separately on each component 

and the final forecast is obtained by aggregating the forecast output from each 

component. 
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Table 4.1 Performance Index Calculation of Price Forecast on 5/22/2002 

    true
hP  est

hP  he  he  
true

h

P
e⋅100

  true
h

P
e

 true
h

P
e

  

Hr 1 16.08 16.42 -0.34 0.34 1.446 0.0145 0.0145 
Hr 2 14.99 15.42 -0.43 0.43 1.829 0.0183 0.0183 
Hr 3 14.00 14.91 -0.91 0.91 3.871 0.0387 0.0387 
Hr 4 14.00 14.93 -0.93 0.93 3.956 0.0396 0.0396 
Hr 5 15.17 15.76 -0.59 0.59 2.510 0.0251 0.0251 
Hr 6 18.31 18.97 -0.66 0.66 2.808 0.0281 0.0281 
Hr 7 26.50 27.89 -1.39 1.39 5.913 0.0591 0.0591 
Hr 8 28.75 29.83 -1.08 1.08 4.594 0.0459 0.0459 
Hr 9 27.77 29.32 -1.55 1.55 6.594 0.0659 0.0659 

Hr 10 29.64 30.72 -1.08 1.08 4.594 0.0459 0.0459 
Hr 11 29.86 32.68 -2.82 2.82 11.996 0.1200 0.1200 
Hr 12 29.17 31.22 -2.05 2.05 8.721 0.0872 0.0872 
Hr 13 27.69 29.68 -1.99 1.99 8.465 0.0847 0.0847 
Hr 14 28.97 30.08 -1.11 1.11 4.722 0.0472 0.0472 
Hr 15 27.63 26.97 0.66 0.66 2.808 -0.0281 0.0281 
Hr 16 25.02 25.50 -0.48 0.48 2.042 0.0204 0.0204 
Hr 17 27.66 25.26 2.40 2.40 10.210 -0.1021 0.1021 
Hr 18 23.89 24.94 -1.05 1.05 4.467 0.0447 0.0447 
Hr 19 22.98 24.73 -1.75 1.75 7.444 0.0744 0.0744 
Hr 20 23.00 27.95 -4.95 4.95 21.057 0.2106 0.2106 
Hr 21 31.63 32.83 -1.20 1.20 5.105 0.0510 0.0510 
Hr 22 25.02 25.91 -0.89 0.89 3.786 0.0379 0.0379 
Hr 23 19.45 19.66 -0.21 0.21 0.893 0.0089 0.0089 

5/22/2002 

Hr 24 17.00 17.71 -0.71 0.71 3.020 0.0302 0.0302 
  Mean 23.508 24.554 -1.046 1.301 5.535 0.0445 0.0554 
  RMS 24.190 25.282 1.641 1.641 6.983 0.0698 0.0698 
  VAR 32.553 36.283 1.600 1.001 18.117 0.0029 0.0018 

 

Figure 4.9 shows the price forecast results from the proposed similar load 

profile model applied to the PJM interconnection data for 4 study weeks. These weeks 

are selected from different seasons. An example of performance index calculation is 

given in Table 4.1. 
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Figure 4.9 Price forecast results from 4 selected weeks of PJM interconnection data 
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Table 4.2 Price Forecast Daily-MAPE [in percent] of PJM Interconnection data 

Winter week: February 18, 2002 to February 24, 2002 
         
  Mon Tue Wed Thu Fri Sat Sun Average 

Similar Day 9.009 9.668 6.557 6.522 7.129 8.725 6.134 7.678 
NAÏVE 16.390 5.360 7.870 10.750 11.530 7.340 5.590 9.261 

TF 5.460 4.320 4.610 5.170 4.540 3.810 3.150 4.437 
DR 5.760 4.280 4.750 5.140 4.700 3.710 3.170 4.501 

ARIMA 6.340 5.380 5.060 7.830 10.760 13.800 4.860 7.719 
NN 6.080 7.790 9.020 14.070 11.290 6.820 6.100 8.739 
WL 9.280 8.320 7.540 7.070 10.440 8.150 5.140 7.991 

         
Spring week: May 20, 2002 to May 26, 2002 

         
  Mon Tue Wed Thu Fri Sat Sun Average 

Similar Day 6.719 9.351 5.535 14.660 9.201 20.807 24.193 12.924 
NAÏVE 15.560 10.540 6.960 8.940 9.710 12.980 30.290 13.569 

TF 4.180 6.500 4.080 7.690 5.300 6.070 10.240 6.294 
DR 4.600 7.030 4.100 6.070 4.760 5.040 8.070 5.667 

ARIMA 14.110 12.720 5.450 8.140 13.770 15.580 22.420 13.170 
NN 12.270 8.940 6.430 15.380 15.140 20.390 29.140 15.384 
WL 6.620 10.020 7.710 15.090 10.630 16.880 27.090 13.434 

         
Summer week: Aug 19, 2002 to Aug 25, 2002 

         
  Mon Tue Wed Thu Fri Sat Sun Average 

Similar Day 14.320 10.503 7.513 11.127 11.852 11.568 8.373 10.751 
NAÏVE 20.360 32.840 7.630 23.290 17.980 38.940 44.110 26.450 

TF 9.060 6.880 4.840 4.000 7.360 4.300 4.920 5.909 
DR 9.190 6.660 4.610 4.260 6.900 4.120 5.310 5.864 

ARIMA 17.620 21.310 8.820 11.360 26.860 11.910 13.390 15.896 
NN 21.910 28.380 20.380 19.510 7.990 15.520 13.300 18.141 
WL 41.140 29.660 16.040 11.690 8.730 24.050 22.030 21.906 

         
Fall week: Nov 18, 2002 to Nov 24, 2002 

         
  Mon Tue Wed Thu Fri Sat Sun Average 

Similar Day 6.564 8.140 13.728 20.122 12.356 17.940 18.810 13.951 
NAÏVE 24.200 6.940 7.490 8.680 6.670 8.470 7.110 9.937 

TF 5.160 5.570 6.700 5.640 4.180 6.880 5.590 5.674 
DR 5.100 5.430 6.780 5.320 4.270 6.430 5.780 5.587 

ARIMA 16.500 13.620 14.440 5.770 7.090 7.400 11.920 10.963 
NN 16.810 8.790 10.170 8.730 6.450 17.700 9.060 11.101 
WL 7.810 12.400 14.330 19.040 14.280 9.290 10.460 12.516 

 



 

 96

Table 4.3 Price Forecast RMSE [in $] of PJM Interconnection data 

Winter week: February 18, 2002 to February 24, 2002 
         
  Mon Tue Wed Thu Fri Sat Sun Average 

Similar Day 2.639 2.936 2.074 1.975 2.223 2.284 1.399 2.219 
NAÏVE 4.203 2.284 2.115 2.355 2.837 1.761 1.278 2.405 

TF 1.900 1.316 1.617 1.153 1.525 1.184 0.737 1.347 
DR 2.011 1.263 1.602 1.167 1.543 1.182 0.769 1.362 

ARIMA 1.770 1.766 1.210 1.864 2.817 4.035 1.149 2.087 
NN 1.808 2.200 2.635 3.241 2.833 1.976 1.339 2.290 
WL 2.609 2.100 2.121 1.696 3.237 2.225 1.192 2.169 

         
Spring week: May 20, 2002 to May 26, 2002 

         
  Mon Tue Wed Thu Fri Sat Sun Average 

Similar Day 2.067 2.796 1.641 4.149 2.896 3.849 3.957 3.051 
NAÏVE 4.205 3.137 2.339 2.668 3.096 2.643 5.179 3.324 

TF 1.302 2.460 1.304 2.015 1.676 1.153 1.810 1.674 
DR 1.502 2.821 1.337 1.696 1.500 1.004 1.635 1.642 

ARIMA 4.001 3.592 1.549 2.051 4.303 2.915 3.499 3.130 
NN 3.662 3.054 1.886 4.419 4.352 3.539 4.862 3.682 
WL 2.033 3.262 2.286 3.886 3.490 2.949 4.001 3.130 

         
Summer week: Aug 19, 2002 to Aug 25, 2002 

         
  Mon Tue Wed Thu Fri Sat Sun Average 

Similar Day 7.392 5.056 3.062 5.643 5.543 3.888 2.760 4.763 
NAÏVE 12.664 16.252 2.984 10.933 8.124 13.470 15.268 11.385 

TF 6.291 3.194 2.064 2.425 2.988 1.704 1.784 2.921 
DR 6.763 3.131 2.019 2.323 2.917 1.643 1.962 2.965 

ARIMA 10.761 9.784 3.303 6.156 12.445 4.842 4.854 7.449 
NN 12.394 12.719 7.893 11.551 3.168 5.613 4.585 8.275 
WL 22.735 12.547 6.905 6.269 3.897 8.734 8.130 9.888 

         
Fall week: Nov 18, 2002 to Nov 24, 2002 

         
  Mon Tue Wed Thu Fri Sat Sun Average 

Similar Day 2.311 2.776 4.287 5.980 3.914 4.999 4.634 4.129 
NAÏVE 7.916 2.472 2.417 3.027 2.645 2.339 1.668 3.212 

TF 1.933 2.031 2.441 1.906 1.510 2.004 1.490 1.902 
DR 1.984 1.933 2.392 1.780 1.537 1.884 1.476 1.855 

ARIMA 5.981 4.389 4.533 2.047 2.127 1.982 3.062 3.446 
NN 6.499 2.837 3.682 2.754 2.184 4.662 2.433 3.579 
WL 2.856 4.333 4.736 5.997 4.227 2.654 2.466 3.896 
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Table 4.4 Price Forecast Error Variance of PJM Interconnection data 

Winter week: February 18, 2002 to February 24, 2002 
         
  Mon Tue Wed Thu Fri Sat Sun Average 

Similar Day 0.009 0.010 0.006 0.007 0.007 0.007 0.002 0.007 
NAÏVE 0.017 0.009 0.005 0.005 0.005 0.003 0.002 0.007 

TF 0.006 0.002 0.004 0.001 0.003 0.002 0.001 0.003 
DR 0.007 0.002 0.004 0.001 0.003 0.002 0.001 0.003 

ARIMA 0.004 0.004 0.001 0.004 0.007 0.026 0.002 0.007 
NN 0.004 0.005 0.009 0.012 0.006 0.006 0.002 0.006 
WL 0.008 0.003 0.005 0.004 0.014 0.007 0.002 0.006 

         
Spring week: May 20, 2002 to May 26, 2002 

         
  Mon Tue Wed Thu Fri Sat Sun Average 

Similar Day 0.003 0.005 0.002 0.015 0.007 0.011 0.024 0.010 
NAÏVE 0.006 0.006 0.005 0.007 0.008 0.009 0.049 0.013 

TF 0.001 0.006 0.001 0.003 0.002 0.001 0.007 0.003 
DR 0.002 0.009 0.001 0.002 0.002 0.001 0.007 0.003 

ARIMA 0.007 0.006 0.001 0.002 0.015 0.007 0.014 0.007 
NN 0.008 0.008 0.002 0.018 0.012 0.005 0.039 0.013 
WL 0.003 0.009 0.003 0.009 0.011 0.004 0.010 0.007 

         
Summer week: Aug 19, 2002 to Aug 25, 2002 

         
  Mon Tue Wed Thu Fri Sat Sun Average 

Similar Day 0.008 0.011 0.003 0.008 0.010 0.005 0.003 0.007 
NAÏVE 0.042 0.120 0.003 0.021 0.018 0.071 0.126 0.057 

TF 0.012 0.004 0.002 0.002 0.002 0.002 0.002 0.004 
DR 0.165 0.004 0.002 0.001 0.002 0.002 0.002 0.025 

ARIMA 0.029 0.037 0.003 0.011 0.051 0.014 0.014 0.023 
NN 0.032 0.059 0.018 0.046 0.001 0.014 0.011 0.026 
WL 0.100 0.047 0.020 0.011 0.004 0.036 0.042 0.037 

         
Fall week: Nov 18, 2002 to Nov 24, 2002 

         
  Mon Tue Wed Thu Fri Sat Sun Average 

Similar Day 0.002 0.003 0.005 0.014 0.010 0.015 0.021 0.010 
NAÏVE 0.017 0.002 0.002 0.006 0.007 0.003 0.002 0.006 

TF 0.002 0.002 0.003 0.002 0.002 0.003 0.003 0.002 
DR 0.002 0.001 0.003 0.002 0.002 0.002 0.002 0.002 

ARIMA 0.016 0.005 0.006 0.003 0.002 0.002 0.010 0.006 
NN 0.022 0.002 0.007 0.004 0.003 0.010 0.007 0.008 
WL 0.004 0.007 0.009 0.019 0.009 0.005 0.005 0.008 
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Tables 4.2 through 4.4 compare the accuracy of the forecasting models from the 

literature with the proposed model, using MAPE, RMSE, and error variance of forecast 

prices, with respect to the 4 weeks of historical price data.  The proposed model yields a 

mean daily-MAPE of 7.68%, 12.92%, 10.75% and 13.95% for the winter, spring, 

summer, and fall weeks, respectively. The best performance is observed during the 

summer week, where the proposed model outperforms the Naïve, NN, WL and ARIMA 

approaches reducing the error by more than 50%. Good performance is also observed in 

the spring and winter weeks. The consistency of price forecasting is measured in terms 

of error variance. The error variance of the proposed model is lower in the winter and 

summer weeks than in the spring and fall weeks. The average RMSE from the 4-week 

simulation period is approximately $4/MWh, with relative error variance of 0.01. 

 

Table 4.5 Mean Square Error from Last Week Price Forecast of All Months in 2002 

weekRMSE  From To Similar 
Profile NAÏVE TF DR ARIMA NN WL 

January 01/21 01/27 2.217 2.814 1.682 1.580 2.065 2.677 2.858 
February 02/18 02/24 2.220 2.554 1.392 1.412 2.291 2.369 2.250 

March 03/25 03/31 5.341 7.900 2.179 2.230 4.362 5.482 3.548 
April 04/22 04/28 5.022 4.948 3.442 3.400 5.407 11.480 4.801 
May 05/20 05/26 3.431 3.454 1.729 1.723 3.268 3.797 3.207 
June 06/24 06/30 12.574 15.580 4.681 4.418 12.382 16.270 8.402 
July 07/22 07/28 5.577 15.640 2.764 2.857 13.553 16.122 7.989 

August 08/19 08/25 4.781 12.137 3.272 3.381 8.126 9.052 11.457
September 09/23 09/29 4.977 7.565 1.654 1.637 6.127 5.861 4.972 

October 10/21 10/27 3.217 2.702 2.146 2.043 3.913 4.714 3.509 
November 11/18 11/24 5.694 3.761 1.926 1.877 3.734 3.851 4.077 
December 12/23 12/29 7.051 9.355 4.038 3.156 10.686 12.651 9.016 
Average all period 5.175 7.368 2.575 2.476 6.326 7.861 5.507 
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In addition to the 4-week study, Table 4.5 summarizes the RMSE of the 

different price forecasting models for the entire year 2002 period. The RMSE values in 

Table 4.5 are calculated using the forecast prices for the last week in each month 

(starting from Monday to last Sunday of the month). The results indicate that the 

proposed approach has overall better performance than the Naïve, ARIMA, NN, and 

WL models. The model performs well in all periods of the PJM price forecast 

simulation. 

Even though the proposed price forecast model outperforms the Naïve, ARIMA, 

NN and WL models, a higher accuracy is observed from the DR and TF models. Both 

DR and TF models apply multivariable regression between price series to load and 

error. However, in order to calculate hourly prices from these two methods, a complex 

mathematical formulation is required. Additionally, both models contain the terms of 

backshift order {1, 2, 3, ..} which implies that price forecast at hour h depends on the 

price and load record at hour 1−h , 2−h , 3−h , and so on. In situations where prices 

are forecast with distant lead times, the required actual price data may not be available. 

In such cases, the previous estimates must be used to complete the forecast and the 

accuracy of forecast prices can deteriorate due to error accumulation as the forecast 

extends into the future. The proposed price forecasting model based on similar day load 

profiles, on the other hand, is much simpler and forecasting is done on one 24-cross-

sectional period at a time. As such, no assumption of price dependency between 

adjacent hours is made, thereby offering more flexibility to implement in a real system. 
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4.7 Chapter Summary 

A price forecasting model based on similar load profiles was presented in this 

chapter. To identify similar profiles, a search algorithm utilizes a similarity index, 

which is based on the Euclidean norm of the difference between the forecast load 

profile and actual load profile of historical data. The proposed forecasting model is 

evaluated using historical price and load data from two systems: the MISO 

interconnection for the period from 05/01/06 to 07/31/06, and the PJM interconnection 

for the entire 2002 year. The proposed model is compared to several other price 

forecasting models from the literature. The proposed model is seen to be competitive in 

terms of accuracy and consistency of the forecasts, with the advantage of greater 

efficiency and simplicity. Unlike the models from the literature, the proposed model 

does not require actual data for immediately preceding periods to compute forecasts, 

making it suitable for forecasting with longer lead times.   
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CHAPTER 5 

GENERATION PLANNING IN SPP-EIS MARKET 

 

The transition of SPP towards market operation has a significant impact on the 

MPs both in terms of planning and operations. The generation planning strategy under 

the new market rules can be different from the conventional strategies when MPs 

operated in a regulated environment. The EIS market requires the MPs to settle energy 

imbalances through the market. On the other hand, the MPs can benefit from the EIS 

market by procuring the imbalance energy at a lower cost when the market price is 

lower than the cost of producing energy by internal resources. The regulations of the 

EIS market creates the need for generating companies to reassess their planning 

strategy, primarily to ensure that all decisions conform to the new market rules while 

remain profitable under the new operating regime. 

This chapter discusses the generation planning strategies for MPs under the EIS 

market. The chapter presents an economic dispatch and unit commitment scheduling 

under two operating schemes. Cost-based unit commitment is discussed for MPs who 

want to preserve full control over their generating resources by self-scheduling units. 

Price-based unit commitment is proposed as an alternative for MPs to increase profit by 

participating in the market. 
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5.1 Cost-based UC for Self-scheduled Resources 

The MPs can rely on the EIS market to settle their energy imbalances. However, 

the SPP still requires that MPs prepare sufficient capacity to cover their load obligation 

by submitting appropriate resource plans and ancillary service plans. The MPs can 

choose to operate their units either in the “self-schedule” mode or in the “available” 

mode. The main difference is that, in the self-scheduled mode, MPs will receive 

dispatch instructions that match the planned MW in their submitted schedules. 

Resources operating in available mode, on the other hand, will receive dispatch 

instruction according to the dispatching results from the security constrained economic 

dispatch (SCED) processed by the SPP.  

The submission of resource plans is mandatory for all MPs in the EIS market. 

The resource plan reflects the amount the energy each resource expects to generate, 

which is mainly based on the unit commitment scheduling of the MPs. If the MPs 

choose to operate their units similar to what they did before the market started, they can 

do so by designating all resources as self-scheduled and generate the output energy at 

the planned MW in real time. No resource imbalance settlement occurs in this case, and 

only the load imbalance may have a non-zero value in the market settlement. 

The ultimate objective of resource planning for utilities that operate resources in 

self-scheduled mode is similar to the conventional objective, i.e., to minimize the cost 

of supplying energy to the load. However, with the imbalance settlement component 

introduced into the total operating cost, the aggregated profit is also influenced by the 

submitted schedules. This section reviews the methodology for unit commitment 
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scheduling and discusses an approach to analyze the profit from energy imbalance 

settlement. The aggregation of multiple resources locating at the same settlement 

location is first introduced for the submission of market plans on the plant basis. 

5.1.1 Aggregation of Multiple Resources from the Same Settlement Location 

The energy imbalance settlement and the resource data submission to the SPP 

are exercised on the settlement location basis. The market participants must register 

their resources and loads at proper settlement locations prior to the start of the market. 

MPs can choose to register a group of units in the same plant as a single settlement 

location for the market settlement. However, the generation planning performed 

internally by MPs will most likely remain on the unit basis. Therefore, if multiple 

resources are registered at the same settlement location, MPs need to combine the unit 

characteristics and outputs of those resources before submitting the data to the SPP. 

For the information needed in the resource plan, data aggregation is 

straightforward. The total generation output, minimum capacity, maximum capacity, 

and the combined ramp rate of the plant are equal the sum of data from the individual 

online units operating in each planning interval. 

The equivalent incremental cost curve for the plant can be derived from the 

incremental cost curve of each online unit by the sorted table approach. This method 

starts by listing all possible incremental cost values (lambda) from every unit in 

ascending order. This dissertation assumes that the units have quadratic cost function or 

an incremental cost in a monotonically increasing piecewise linear form. For a unit 

having a quadratic cost function, the incremental cost will be linear and only lambdas at 
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the minimum and maximum capacity are required to be included in the sorted table. 

Creating the sorted table for units with piecewise linear incremental cost functions 

requires listing of lambda values at every break point. All lambda values are then sorted 

in ascending order in the table. The corresponding output MW of unit i  having 

incremental cost λ  falling in between two levels ][kλ  and ]1[ +kλ  can be computed by 

interpolation of lambda and outputs as shown in equation 5.1. 

( )][]1[
][]1[

][][ kPkP
kk

kkPP ii −+×⎟⎟
⎠

⎞
⎜⎜
⎝

⎛
−+

−
+=

λλ
λλ   (5.1) 

The combined MW output for all online units at each break point level 

represents the equivalent MW output of the plant. A sample of aggregated incremental 

cost for a plant with three units is given in Table 5.1. Each unit is assumed to have a 

piecewise linear function with three breakpoints as shown in Figure 5.1. The final 

incremental cost for this plant is composed of 9 breakpoints as illustrated by Figure 5.2. 

According to the current market protocols [11], SPP only allows piecewise 

linear cost functions with up to 10 pairs of MW-price points for the offer curve 

submission and the first point should be preserved for incremental cost at the minimum 

loading value. Therefore, if the combined incremental cost function has more than 10 

breakpoints, only 10 breakpoints that cover the entire operating range of the plant 

should be selected to be submitted to the SPP. 
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Table 5.1 Incremental Cost Aggregation for Plant with Three Units 

Unit1 Unit2 Unit3 
MW IC MW IC MW IC 
10 5.201 20 5.463 15 5.572 
30 5.268 40 5.481 50 5.693 
60 5.542 65 5.607 70 5.812 

 
Aggregated Settlement Location IC 

Unit Output BKP IC Unit1 Unit2 Unit3 Total 

1 5.201 10 20 15 45.00 
2 5.268 30 20 15 65.00 
3 5.463 51.350 20 15 86.35 
4 5.481 53.321 40 15 108.32 
5 5.542 60 52.103 15 127.10 
6 5.572 60 58.056 15 133.06 
7 5.607 60 65 25.124 150.12 
8 5.693 60 65 50 175.00 
9 5.812 60 65 70 195.00 
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Figure 5.1 Incremental cost curve of three units in the same settlement location 
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Figure 5.2 Aggregate offer curve of settlement location with three units 

5.1.2 Economic Dispatch Methodologies 

The economic dispatch (ED) is the problem of finding a proper share of MW 

generation from each online unit to yield the minimum production cost. The essential 

constraint for ED problem is to maintain the sum of all online units to meet the required 

load level. Depending on the unit cost curve characteristics, many ED approaches can 

be applied to solve ED problems. The lambda iteration method is simple yet preferable 

for application to systems with positive increasing incremental cost functions. Other 

methods such as gradient search, reduced gradient search, and Newton’s method can be 

employed to solve ED problems when the cost function is more complicated and power 

output of a generator is difficult to find from the incremental cost [40]. In the case 

where the cost function of a unit is not smooth or the cost function is non-convex, a 

more complicated approach such as dynamic programming or neural networks must be 

applied [41]. However, among all the various ED approaches, the lambda search is the 
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preferred choice due to its simplicity to implement and applicability to most systems 

where the unit cost function can be represented by typical quadratic cost models. 
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Figure 5.3 Economic dispatch by the lambda iteration method 

The main idea of lambda iteration is to find the equilibrium participation point 

where each unit operates at the same lambda (incremental cost) and the summation of 

the output of all units matches the required load. This marginal cost level is referred to 

as the system marginal cost. If the system marginal cost is less than the unit’s 

incremental cost at minimum capacity, then the unit will be operated at minimum 
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capacity. Likewise, if the system marginal cost is greater than unit’s incremental cost at 

maximum capacity, the unit will be operated at maximum capacity. Other units whose 

outputs do not hit either limit will be operated at the system marginal cost. The 

flowchart of economic dispatch by lambda-iteration is shown in Figure 5.3. The process 

in this flowchart is applied in the developed generation planning module.  

If the system only contains units with piecewise-linear, monotonically 

increasing incremental cost curves, another approach for economic dispatch is to create 

a sorted table similar to the incremental cost curve aggregation in Section 5.1.1. The 

incremental cost curves for all online units are aggregated into an equivalent system 

incremental cost with a set of breakpoints { }][kP  and{ }][kλ . The solution of economic 

dispatch using a sorted table can be found in two steps. The first step is to identify the 

system marginal cost by the interpolation of system demand. Given the required system 

demand D  falls in between aggregated output level ][kP  and ]1[ +kP , the system 

marginal cost can be calculated as 
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⎞
⎜⎜
⎝

⎛
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The power output of unit i  can be calculated from equation 5.1 using sysλλ = . 

For example, given a system with three units as in Table 5.1 and a demand of 140 MW, 

the system marginal cost can be calculated by interpolation of breakpoints 6 and 7. The 

system marginal cost is found to be $5.586/MWh. The corresponding outputs for units 

1, 2 and 3 at this system marginal cost are 60 MW, 60.88 MW, and 19.12 MW, 

respectively. The combined output of the three units is equal to the load level at 140 
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MW. The sorted table approach is efficient for calculating the economic dispatch at 

different loading set points given a fixed set of unit combinations. However, if the unit 

combination changes such as in the unit commitment scheduling, the sorted table needs 

to be revised every time a new unit combination is presented in the system. 

5.1.3 Unit Commitment Scheduling Methodologies 

 In the economic dispatch, the objective is to find the economic set point for each 

unit in a given set of online units. The ED problem assumes the number of units 

connected to the system is known. However, with the dynamic characteristic of demand 

consumption each day, a challenge arises as to how to find the optimal combination of 

units to be online or offline at different times. This problem is called the unit 

commitment scheduling (UC) and its solution yields the optimal selection of online 

units in addition to the economic set point at each hour of the scheduling period. 

 Having two discrete options for each unit, either ON or OFF, causes the UC 

problem to be non-linear and non-convex. The UC problem is complex and many 

approaches have been proposed in the literature to find the optimal solution within a 

reasonable computation time [42-44]. This research implements a dynamic 

programming sequential truncated combination (DP-STC) [45-47] for solving the unit 

commitment scheduling problem. 

 Dynamic programming was chosen primarily due to the stability of the 

algorithm. The dynamic programming technique searches for an optimal solution by 

evaluating possible combinations of units for each hour in the succeeding time step. The 

search can be in either forward or backward direction. However, the forward search is 
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commonly employed in the UC because it is more convenient to verify other unit 

restrictions such as the minimum up time, minimum down time, and ramp rate 

constraint. Unit information from previous hours is also required in the calculation of 

the start-up and shut-down costs and this information is readily available in the forward 

search. The search starts from the first hour and progresses through each hour of the 

planning horizon. The cumulative production cost is recorded for each unit combination 

in each one hour step. After the final hour of the planning horizon is reached, the path 

that provides the minimum cumulative cost is traced back to identify the optimal 

scheduling solution in every time period. 

 Even though the infeasible combinations, i.e., the combinations that yield 

insufficient capacity or violate the unit constraints, are discarded during the search 

process, the evaluation of all possible combinations of units is not practical. A full DP 

search can suffer from the curse of dimensionality for an average to large size system. 

To alleviate this problem, a technique called dynamic programming sequential 

truncated combination (DP-STC) is applied to reduce the number of search 

combinations while generally obtaining a high quality solution that is close to the true 

optimal solution obtained from the complete DP search. 

 In DP-STC, the units are first sorted by their priority list based on the average 

full load cost (AFC). This priority list defines the commitment order of each unit in the 

system. With strict commitment order from the priority list, the unit with lower AFC 

(higher priority) will be turned on before other units with higher AFC (lower priority). 
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A DP algorithm that follows this priority commitment order is called the 

dynamic programming sequential combination (DP-SC) approach. The DP-SC 

approach is computationally efficient because the decision space is significantly 

reduced by following the fixed commitment order. For example, a system with 10 units 

would require 1210 − unit combinations to be evaluated in each stage for the full DP 

search, but only 10 possible combinations are required to be analyzed using DP-SC. 

The DP-SC significantly reduces the number of search combinations and the 

computation time by fixing the commitment order. However, the quality of DP-SC 

solution degrades if the commitment priority does not follow the actual optimal 

commitment order, which is especially true for the commitment of the last few units 

[47]. The truncated window used in DP-STC algorithm allows the method to capture a 

set of unit combinations whose commitment may violate the priority commitment order 

in the DP-SC. In DP-STC, the least number of units required to cover the load 

requirement in each hour is firstly identified, with the last committed unit assigned as 

the reference unit. Knowing the reference unit at each hour, only a portion of the unit 

variations around the reference unit is included in the DP-STC search. This technique 

reduces the number of combinations that need to be evaluated at each stage, but still 

obtains a solution close to the true optimal solution. 

The selection of truncate window size should enable DP-STC to obtain the 

optimal or near-optimal solution. The six enumeration truncated window covering the 

reference unit, two units below the reference unit, and three units above the reference 
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units is implemented in this dissertation for use with 10 unit test systems. The solution 

algorithm using the DP-STC method is shown in Figure 5.4. 

 

Figure 5.4 Flowchart of cost-based unit commitment scheduling by DP-STC 
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5.1.4 Cost-based UC – Problem Formulation 

The objective function for cost-based UC is to minimize the operating cost over 

the planning horizon T  

( ) ( )( ) ( ) ( ){ }∑∑
= =

−− ⋅−⋅+−⋅⋅+⋅+
N

i

T

t

t
i

t
i

t
i

t
i

t
i

t
i

t
i

t
i

t
i

t
i

t
i UUSDNUUSUPUPMPC

1 1

11 11min       (5.3) 

where ( )t
i

t
i PC  is the fuel production cost of unit i at time t ; this cost is usually defined 

in terms of a quadratic cost function, or a linear incremental cost curve  

( )t
i

t
i PM  is the maintenance cost of unit i  at time t ; this cost depends on the 

level of unit generation and is usually defined as a fixed rate per MWh 

t
iU  is the status of unit i  at time t ; 1=t

iU  if the unit is online, 0 if offline 

t
iSDN  is the shut-down cost of unit i  at time t , usually a fixed cost 

t
iSUP  is the start-up cost of unit i  at time t   

The start-up cost for a thermal unit is related to the temperature of the unit and 

hence is time dependent. Since the cooling rate of a unit is approximately exponential, 

an exponential start-up cost is generally applied. Other forms of start-up cost such as 

ladder start-up cost are also applicable in thermal UC calculation.  

The three-section start-up cost curve defined in [44] is employed in this 

dissertation. The three costs are the cold startup cost ( StartColdC _ ), the warm startup cost 

( StartWarmC _ ), and the hot startup cost ( StartHotC _ ). The selection of the start-up cost 

depends the unit’s off time ( Offt ) as given in equation 5.4. 
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The objective function of cost-based unit commitment scheduling in equation 

(5.3) is minimized subject to the following constraints: 

1) System hourly power balance constraint: the total power generation must equal to 

the load demand plus loss, i.e. 

tPPUP t
iL

t
iD

N
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t
i

t
i ∀+=⋅∑

=
,,

1
   (5.5) 

2) Hourly spinning reserve requirement: the spinning reserve is satisfied by excess 

MW capacity of the online unit. The amount of spinning reserve in the SPP-EIS 

market is defined by the SPP 

tRPUP tt
iD

N

i

t
i
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=
,

1
max,    (5.6) 

3) Unit capacity constraint: unit maximum/minimum capacity must not be violated  

CAP
i

t
i

CAP
i PPP max,min, ≤≤     (5.7) 

4) Unit ramp rate constrain; the ramp rate limit the amount of output that can be 

changed in an hour. The unit cannot adjust the output MW beyond its ramp rate 

limit. Also, the unit can only be shut down if the unit can ramp down to its 

minimum MW in any hour. 

i
t
i

t
i

t
i

t
i UPUP Δ≤⋅−⋅ −− 11    (5.8) 

5) Minimum up time and minimum down time must not be violated 
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6) Initial status of the unit at the start of the scheduling period 

7) Must run units/ must off units must maintain their status if required 

5.1.5 Cost-based UC – Simulation Results 

In order to assess the quality of the solution of the developed DP-STC module, a 

simulation of a 10 unit system is performed using the data in Appendix A, with the load 

and reserve requirement as shown in Table 5.2 [48]. Three solutions generated by full-

DP search, DP-SC, and DP-STC are compared in Table 5.3; the resulting unit schedules 

are shown in Table 5.4. 

 

Table 5.2 Twenty-four Hourly Demand for Unit Commitment Simulation 

Hour 1 2 3 4 5 6 7 8 
Demand [MW] 700 750 850 950 1000 1100 1150 1200 
Spin Reserve 70 75 85 95 100 110 115 120 
Hour 9 10 11 12 13 14 15 16 
Demand [MW] 1300 1400 1450 1500 1400 1300 1200 1050 
Spin Reserve 130 140 145 150 140 130 120 105 
Hour 17 18 19 20 21 22 23 24 
Demand [MW] 1000 1100 1200 1400 1300 1100 900 800 
Spin Reserve 100 110 120 140 130 110 90 80 

 

Table 5.3 Total Production Cost Comparison for Different DP Algorithms 

Solution algorithm Net Fuel 
Cost [$] 

Net Startup 
Cost [$] 

Net Shutdn 
Cost [$] 

Total 
Cost [$] 

Computation 
Time [sec] 

Full DP search 559848.95 5980 0 565828.95 20 
DP-SC 561684.43 5980 0 567664.43 2 

DP-STC 559888.28 5980 0 565868.28 5 
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Table 5.4 Unit Combination Results from Different DP Algorithms 

Hr 1 2 3 4 5 6 7 8 9 1
0 

1
1 

1
2 

1
3 

1
4 

1
5 

1
6 

1
7 

1
8 

1
9 

2
0 

2
1 

2
2 

2
3 

2
4 

 Generation schedule : Full DP 
U1 1 1 1 1 1 1 1 1 1 1 1 1 1 1 1 1 1 1 1 1 1 1 1 1 

U2 1 1 1 1 1 1 1 1 1 1 1 1 1 1 1 1 1 1 1 1 1 1 1 1 

U3 0 0 0 0 0 1 1 1 1 1 1 1 1 1 1 1 1 1 1 1 1 0 0 0 

U4 0 0 0 0 1 1 1 1 1 1 1 1 1 1 1 1 1 1 1 1 1 0 0 0 

U5 0 0 1 1 1 1 1 1 1 1 1 1 1 1 1 1 1 1 1 1 1 1 0 0 

U6 0 0 0 0 0 0 0 0 1 1 1 1 1 1 0 0 0 0 0 1 1 1 1 0 

U7 0 0 0 0 0 0 0 0 1 1 1 1 1 1 0 0 0 0 0 1 1 1 0 0 

U8 0 0 0 0 0 0 0 0 0 1 1 1 1 0 0 0 0 0 0 1 0 0 0 0 

U9 0 0 0 0 0 0 0 0 0 0 1 1 0 0 0 0 0 0 0 0 0 0 0 0 

U10 0 0 0 0 0 0 0 0 0 0 0 1 0 0 0 0 0 0 0 0 0 0 0 0 

 Generation schedule : DP-SC 
U1 1 1 1 1 1 1 1 1 1 1 1 1 1 1 1 1 1 1 1 1 1 1 1 1 

U2 1 1 1 1 1 1 1 1 1 1 1 1 1 1 1 1 1 1 1 1 1 1 1 1 

U3 0 0 0 1 1 1 1 1 1 1 1 1 1 1 1 1 1 1 1 1 1 1 0 0 

U4 0 0 1 1 1 1 1 1 1 1 1 1 1 1 1 1 1 1 1 1 1 1 1 0 

U5 0 0 0 0 0 1 1 1 1 1 1 1 1 1 1 1 1 1 1 1 1 1 0 0 

U6 0 0 0 0 0 0 0 0 1 1 1 1 1 1 0 0 0 0 0 1 1 1 0 0 

U7 0 0 0 0 0 0 0 0 1 1 1 1 1 1 0 0 0 0 0 1 1 1 0 0 

U8 0 0 0 0 0 0 0 0 0 1 1 1 1 0 0 0 0 0 0 1 0 0 0 0 

U9 0 0 0 0 0 0 0 0 0 0 1 1 0 0 0 0 0 0 0 0 0 0 0 0 

U10 0 0 0 0 0 0 0 0 0 0 0 1 0 0 0 0 0 0 0 0 0 0 0 0 

 Generation schedule : DP-STC 
U1 1 1 1 1 1 1 1 1 1 1 1 1 1 1 1 1 1 1 1 1 1 1 1 1 

U2 1 1 1 1 1 1 1 1 1 1 1 1 1 1 1 1 1 1 1 1 1 1 1 1 

U3 0 0 0 0 0 1 1 1 1 1 1 1 1 1 1 1 1 1 1 1 1 0 0 0 

U4 0 0 0 0 1 1 1 1 1 1 1 1 1 1 1 1 1 1 1 1 1 0 0 0 

U5 0 0 1 1 1 1 1 1 1 1 1 1 1 1 1 1 1 1 1 1 1 1 1 0 

U6 0 0 0 0 0 0 0 0 1 1 1 1 1 1 0 0 0 0 0 1 1 1 0 0 

U7 0 0 0 0 0 0 0 0 1 1 1 1 1 1 0 0 0 0 0 1 1 1 0 0 

U8 0 0 0 0 0 0 0 0 0 1 1 1 1 0 0 0 0 0 0 1 0 0 0 0 

U9 0 0 0 0 0 0 0 0 0 0 1 1 0 0 0 0 0 0 0 0 0 0 0 0 

U10 0 0 0 0 0 0 0 0 0 0 0 1 0 0 0 0 0 0 0 0 0 0 0 0 

 

Table 5.3 shows that the full-DP search yields the minimum cost, as expected; 

this cost represents the true optimal solutions since all possible combinations are 

included in the full DP search. The DP-SC yields a slightly higher cost due to the 
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restriction on commitment order according to the priority list. As an example, Unit 5 is 

not allowed to commit prior to Unit 4 in DP-SC because it has a higher average full 

load cost. However, Unit 5 has a lower start-up cost and the optimal solution from the 

full DP reveals that it is more economical to commit Unit 5 before Unit 4 in hour 3. 

This combination can be detected correctly with DP-STC approach, while the same 

solution is missed in the DP-SC. 

The detailed simulation results are provided in Appendix B. The DP-STC 

provides a solution close to the optimal solution. For this simulation, the total cost 

difference between the full DP solution and the DP-STC solution is $39 as compared to 

a $1835 difference in the case of DP-SC. The computation time for DP-STC is also 

significantly less than the full DP. Thus, DP-STC offers a higher reliability of solution 

finding, better accuracy, and reasonable computation time, which makes the algorithm 

suitable to be implemented for the target system. 

5.2 Price-based UC for Market Dispatch Resources 

The conventional operation of utilities by cost-based unit commitment was 

discussed in last section to identify the generation planning strategy when the MPs 

choose to operate their unit in self-scheduled mode. In self-scheduled mode, the MPs 

aim to minimize their cost of obligation supply while maintaining reliability in the 

ancillary service requirement. However, the MPs also have the alternative to offer their 

generation resources for market dispatch. Intuitively, it is beneficial for the resource to 

be offered into the market when the market price is high and MP anticipates more 

revenue from energy sale than the cost of energy production. This participation is profit 
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driven. SPP will dispatch the resources offered to the market based on the offer MW-

price points specified in the offer curve. 

The generation planning strategy for the utility that chooses to offer resources 

for market dispatch is different from the conventional UC. This section redefines the 

UC problem by maximizing the profit from market dispatch instead of minimizing the 

cost as in the conventional UC. 

5.2.1 Price-based UC – Problem Formulation 

When the MP offers resource i  to the market without submitting energy 

schedules, the MP will gain the credit for the resource imbalance settlement at hour t  

equal to the product of the market settlement price ( tρ ) and the instructed MW ( t
iP ). 

The energy production cost ( )t
ii PC  to operate the unit at the instructed level can be 

calculated. The profit is the difference between expected revenue and the energy 

production cost.  

( )t
ii

t
i

tt
i PCPFprofit −⋅= ρ     (5.9) 

In the competitive market, the new UC problem is defined as the maximization 

of profit gained from market dispatch, i.e. 
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The above objective function is maximized subject to a set of constraints. The 

unit constraints (minimum up/down time, ramp rate, and resource capacity limit) and 

the spinning reserve requirement must be maintained as in the conventional UC 

problem. However, the dispatch MW level t
iP  is no longer subject to the load balance 
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constraint in equation 5.5, but instead allowed to adjust freely based on the market 

dispatch. Nevertheless, the total capacity of resources must satisfy the resource 

adequacy requirement in the EIS market, which creates another constraint, 

tPUP t
iD

t
i

N

i

CAP
i ∀≥⋅∑

=
,

1
max,    (5.11) 

The economic dispatch calculation of the price-based UC problem will be 

different from economic dispatch in cost-based UC. For the price-based UC problem, 

the resource MW output is determined from its incremental cost. The unit will be 

dispatched at the level where its marginal cost matches the market clearing price. For 

example, if the MP submits a resource offer curve at its true incremental cost, the 

dispatch MW can be calculated by  

( )

⎪
⎪
⎩

⎪⎪
⎨

⎧

>

<

≤≤=

=

max,max,

min,min,

max,min,

i
t

i

i
t

i

i
t

i
tt

ii

t
i

ICP

ICP

ICICPICwhereP

P

ρ

ρ

ρρ

  (5.12) 

The incremental cost in equation 5.12 actually represents the offer price of each 

resource to the market. The offer price is not necessarily the same as the true marginal 

cost of the unit because the MP may choose to adjust their offer curve to cover their 

fixed energy production costs and the transition costs such as start-up and shut-down 

costs. However, the simulation in the next section is based on an assumption that the 

true incremental cost is submitted as the resource offer curve to the SPP market. 
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Figure 5.5 Flowchart of price-based unit commitment scheduling 
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5.2.2 Price-based UC – Simulation Results 

The simulation is performed on the same 10 unit system (Appendix A) with the 

same load obligation as given in Table 5.2. The forecast LIP is assumed to be $50/MWh 

during peak hours (hour 10-13 and 19-21) and $30/MWh for other hours. The planning 

horizon is 24 hours. Figure 5.6 illustrates the hourly forecast price and load obligation 

over the 24-hour period. 

Table 5.5 Hourly Forecast Price and UC Solution from Priced-base UC 

 CAP
iIC max,  16.62 17.40 17.12 16.77 20.99 23.40 27.87 26.37 27.51 27.98 

 AFC 18.61 19.53 22.25 22.01 23.12 27.46 33.45 38.15 39.48 40.07 

Hour Fcst 
Price 

Unit 
1 

Unit 
2 

Unit 
3 

Unit 
4 

Unit 
5 

Unit 
6 

Unit 
7 

Unit 
8 

Unit 
9 

Unit 
10 

1 30 1 1 1 1 1 1 0 0 0 0 
2 30 1 1 1 1 1 1 0 0 0 0 
3 30 1 1 1 1 1 1 0 0 0 0 
4 30 1 1 1 1 1 1 0 0 0 0 
5 30 1 1 1 1 1 1 0 0 0 0 
6 30 1 1 1 1 1 1 0 0 0 0 
7 30 1 1 1 1 1 1 0 0 0 0 
8 30 1 1 1 1 1 1 0 0 0 0 
9 30 1 1 1 1 1 1 1 0 0 0 

10 50 1 1 1 1 1 1 1 1 1 1 
11 50 1 1 1 1 1 1 1 1 1 1 
12 50 1 1 1 1 1 1 1 1 1 1 
13 50 1 1 1 1 1 1 1 1 1 1 
14 30 1 1 1 1 1 1 1 0 0 0 
15 30 1 1 1 1 1 1 0 0 0 0 
16 30 1 1 1 1 1 1 0 0 0 0 
17 30 1 1 1 1 1 1 0 0 0 0 
18 30 1 1 1 1 1 1 0 0 0 0 
19 50 1 1 1 1 1 1 1 1 1 1 
20 50 1 1 1 1 1 1 1 1 1 1 
21 50 1 1 1 1 1 1 1 1 1 1 
22 30 1 1 1 1 1 1 0 0 0 0 
23 30 1 1 1 1 1 1 0 0 0 0 
24 30 1 1 1 1 1 1 0 0 0 0 
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Table 5.5 shows the commitment solution from the price-based UC. The 

average full load cost (AFC) and the incremental cost at maximum capacity for each 

resource are also provided for analysis. The simulation results reveal that all units 

benefit from offering to the market when the LIP is $50/MWh. However, only Unit 1 to 

Unit 6 profit from their offers at other hours when the LIP is low ($30/MWh). Since the 

incremental cost of all resources at full load is less than the market price in this 

simulation example, the resource will be dispatched at maximum MW in the hour 

during which the resource is offered to the market. Comparing market price to the full 

load average cost, one can see that the market payment for Unit 7 to Unit 10 cannot 

cover its energy production cost during off-peak, thereby these units are not offered to 

the market during the off-peak period. However, Unit 7 needs to be online at hour 9 and 

hour 14 because the spinning reserve requirement cannot be fulfilled by Units 1-6 

during those hours. 
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Figure 5.6 Forecasted LIP and load obligation for price-based UC simulation 
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The hourly market dispatch, hourly production cost, as well as hourly profit 

detail is provided in Appendix C. The total generation profit over the planning horizon 

is $533,099.14. Considering the load imbalance settlement at market price, the total 

operating cost for supply 24 hour demands is ( ) 86.900,472$14.099,533$000,006,1$ =− . 

Comparing this cost to the total production cost of $565,868.28 in Table 5.3 in the case 

of self-scheduled dispatch from DP-STC, the utility can save $92,967.42 over the 24 

hour period. Under normal operation when the system operates without congestion, the 

MP would profit by offering the resource to the market. 

5.3 Energy Imbalance Settlement Calculation 

 Under the SPP-EIS market operation, MPs must settle the energy imbalance 

through the market. SPP publishes the settlement statement that includes the detail of 

each settlement component for each operating hour to the MP. The verification of this 

settlement statement is the responsibility of the individual MP. It is preferable that MPs 

have an internal system to perform the settlement calculation. The settlement 

calculation is useful when the MPs want to project the expected imbalance credit/charge 

based on their submitted schedule, and to verify the accuracy of the SPP invoice 

statement. Four settlement components -- energy imbalance service, under-scheduling 

charge, over-scheduling charge, and the uninstructed deviation charge -- that can be 

verified are performed in this dissertation work.  The process of settlement calculation 

is summarized as follows: 
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1) Identify the resource settlement locations and load settlement locations that 

are owned by the MP. 

2) Aggregate the energy schedules by settlement location. Only the assets 

identified as internal settlement locations in step 1 will be included in the 

calculation of market settlement. 

3) For the aggregated schedule MW in step 2 and the actual meter data, 

calculate the energy imbalance amount using equation 2.1 

4) Follow the steps in section 2.3.2 to calculate the under-scheduling charge 

5) Follow the steps in section 2.3.3 to calculate the over-scheduling charge 

6) Given the uninstructed deviation MW, UDMW, the uninstructed deviation 

charge for each resource at each settlement location can be calculated as 

{ } resourceSLLIPUDMWUDMWUDC ××−+×= %25)25,0max(%10),25min(  

5.4 Energy Schedule Sensitivity Analysis 

 The total operating cost under the EIS market scheme includes both the energy 

production costs and the financial obligation associated with the energy imbalance. 

When the LIP varies as under constraint, the energy imbalance settlement can change as 

a result of the submitted schedule. The risk of profit loss due to schedule mismatch can 

be minimized by evaluation of the submitted schedule. At the same time, MPs should 

maintain the scheduled load amount within 4% deviation from the expected actual load 

in order to avoid the over/under-scheduling penalty. 
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Table 5.6 Energy Imbalance Settlement Results from Different Energy Schedules 

 Asset Type Scheduled 
MW 

Actual 
MW 

Imbalance 
[MW] LIP EIS 

Amount 
OSC/ 
USC 

Total 
Charge+ 
Credit- 

 
Case 0 : Base case (perfect forecast) 
Unit1 Resource -100 -100 0 $27 $0 $0 
Unit2 Resource -160 -160 0 $25 $0 $0 
Unit3 Resource -430 -430 0 $14 $0 $0 
Load Load 690 690 0 $23 $0 $0 
Net   0 $0 $0 $0
    
Case 1 : Mismatch on the proper direction 
Unit1 Resource -80 -100 -20 $27 -$540 $0 
Unit2 Resource -160 -160 0 $25 $0 $0 
Unit3 Resource -430 -430 0 $14 $0 $0 
Load Load 670 690 20 $23 $460 $0 
Net   0 -$80 $0 -$80
    
Case 2 : Mismatch on the wrong direction 
Unit1 Resource -100 -100 0 $27 $0 $0 
Unit2 Resource -160 -160 0 $25 $0 $0 
Unit3 Resource -410 -430 -20 $14 -$280 $0 
Load Load 670 690 20 $23 $460 $0 
Net   0 $180 $0 $180
    
Case 3 : Too much mismatch (under schedule charge applies) 
Unit1 Resource -70 -100 -30 $27 -$810 $120 
Unit2 Resource -160 -160 0 $25 $0 $0 
Unit3 Resource -430 -430 0 $14 $0 $0 
Load Load 660 690 30 $23 $690 $0 
Net   0 -$120 $120 $0

 

An example of profit variation due to different energy schedule submissions is 

provided in Table 5.6. The table shows a single snapshot of a settlement hour when the 

LIP varies. In this example, MP operates 3 units to supply an internal load obligation of 

690 MW. The expected actual generation of Unit1, Unit2, and Unit3 are 100 MW, 160 

MW, and 430 MW, respectively. Four sets of schedules are discussed. 
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The first case represents the schedule that matches the actual operation for all 

units. Since the scheduled and actual MW is perfectly matched, the imbalance 

settlement is zero in this case.  

In the second case, the schedule from Unit 1 is less than the actual generation by 

20 MW; therefore creating a 20 MW imbalance at Unit 1 resource settlement location 

(SL) and at the load SL. Since the price at resource SL is higher than the load SL, the 

MP gets paid more for the resource imbalance as compared to the charge for the load 

imbalance. The combined settlement yields a net profit of $80 to the MP. No 

under/over-scheduling charge applies because the total scheduled load is within 4% of 

the actual load. 

The third case represents the energy schedule in opposite direction of the 

previous case. Unit 3 is scheduled less by 30 MW, causing a 30 MW energy imbalance 

at Unit 3 resource SL and load SL. However, the LIP at resource SL is less than the load 

SL in this case. Therefore, the MP incurs more payment to load imbalance than the 

credit gained from the resource imbalance. As a result, MP ends up paying $180 more 

to the market due to the inappropriate schedule submission. 

The last case shows a case when the MP has excessive mismatch from its 

schedule. MP submits the schedule from Unit 1 that is 30 MW less than the actual 

generation. Even though the MP gains more credit from the energy imbalance services, 

the schedule MW at load SL deviates from actual MW by more than 4% and triggers 

the under-scheduling charge. This under-scheduling charge balances out the profit from 

energy imbalance services, yielding net zero profit gain. 
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In this example, the MP can easily compare the results of different schedule 

submissions. However, if the MP wishes to analyze multiple schedule adjustments for 

more than one operating hour and at different levels of adjustment, the problem 

becomes more complicated. To facilitate such analysis, sensitivity analysis can be used 

to evaluate how the net settlement amount varies with respect to changes in components 

of the MP’s schedules. 

Given the desired steps of schedule adjustment, the energy schedule sensitivity 

can be computed by adjusting each individual schedule (with other component values 

fixed) and computing the changes in the final settlement amount. The energy schedule 

sensitivity analysis of schedules in Table 5.6 is illustrated in Figure 5.7. A positive 

value of settlement change in the graph represents more charge, while a negative value 

represents more credit to the market participant. The proper direction for energy 

schedule adjustment is easily observed from Figure 5.7. In order to reduce the risk from 

schedule mismatch, MP should schedule less on Unit 1 and Unit 2, and schedule more 

on Unit 3. The figure also implies that schedule adjustment on Unit 3 is more effective 

than the adjustment on Units 1 and 2 (more respective imbalance service changes from 

the same adjustment step), which is consistent with the fact that the difference between 

LIP at Unit 3 and the load is greater than the LIP differences for the other two units. 

Moreover, the analysis shows that the mismatch in each schedule should not be greater 

than 20 MW as it will trigger the scheduling penalty and results in reduced profit due to 

over/under-scheduling charges.  
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Figure 5.7 Energy schedule sensitivity analysis 

 

5.5 Chapter Summary 

The transition of SPP towards the new market environment creates the need for 

MPs to reassess their generation planning. The EIS market provides more options for 

the MPs to decide how to operate their resources to maintain profit in the market. Two 

approaches for economic dispatch and unit commitment scheduling have been discussed 

in this chapter. The cost-based unit commitment based on the dynamic programming 

sequential truncated combination search is implemented to find the optimal solution for 

the self-scheduled resources. The DP-STC uses the priority list in combination with a 

truncation window, which greatly reduces the search space and computation time while 

maintaining a high quality and stability of the solution.  

A new price-based unit commitment is proposed to determine the maximum 

profit from resources operated in the available mode. This price-based unit commitment 
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takes into account the resource adequacy requirement as specified by the market 

protocols. A simulation using a 10-unit system reveals that the MP can profit by 

offering resources for market dispatch. 

Additional profit can be obtained by properly submitting an energy schedule 

during the period when LIP diverges. The energy schedule sensitivity analysis identifies 

the appropriate direction of schedule adjustment and safe adjustment range that limits 

the over/under-scheduling charge. The discussion from this chapter is the core 

component in the generation planning module of the developed market planner 

software.   
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CHAPTER 6 

SPP-EIS MARKET PLANNER SOFTWARE 

 

6.1 Introduction 

In the new market environment, the market participants (MP) face changes in 

market situations constantly. The EIS market creates a new operating environment that 

exposes MPs to a large amount of information with regards to system operation and 

market settlement. To maintain effective operations, the MPs must adapt quickly and 

react intelligently to those changes. The management of information in a limited 

timeframe represents a great challenge for the MPs and necessitates the development of 

evolutionary tools to perform effective data analysis in a timely manner. 

The MPs must interact with the market on a regular basis. The finest interval for 

interaction is every 5 minutes, where MPs receive dispatch instructions from the SPP 

and need to adjust resources to follow the instructed set point. In addition, the MPs need 

to update their resource plan and ancillary service capacity plan every hour to ensure 

that they provide accurate information for the SPP to evaluate the system status. The 

generation planning functions such as unit commitment scheduling can be re-performed 

regularly to verify the adequacy of resources and reasonable profit margins. Invoice 

validation, a new component introduced by the SPP-EIS market, is also needed to verify 

the settlement statement. 
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As present time, there is no available tool to perform all of the above functions 

in an efficient manner. Utilities are faced with data management problems between 

different functions and ineffective data storage. Some functions such as load forecasting 

and unit commitment scheduling were performed as individual activities in the past. 

Other functions, like settlement analysis, price estimation, and market data access, are 

not readily available in conventional planning software. The timely execution and 

accuracy of data manipulation is the most critical issue for the MPs to participate in the 

market. It is advantageous to integrate all the necessary functions with a common 

database structure to support seamless information exchange both within the local 

machines and between MPs and the SPP. Accordingly, the SPP-EIS market planner 

software (EISMP) has been developed in this dissertation to facilitate utility planning 

and operation in the new market environment. The EISMP is designed to offer 

flexibility to users to perform generation planning, access market data, and interact with 

the SPP market system. This chapter presents the structure of the software, database 

design, component integration, and some implementation examples of the EISMP in the 

real market environment. 

6.2 EISMP Program Structure 

The EISMP was developed using Microsoft Visual Basic .NET and the Oracle 

database. VB.NET is an object-oriented programming (OOP) language that is 

commonly used for programming on Microsoft Windows. VB.NET has a rich feature 

set for interface design and database management. The object oriented programming 

paradigm offers advantages for maintainability and expandability of the program. The 
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Oracle database is a widely used database management system well-accepted in the 

industry. Oracle provides high availability, reliable data access, and sophisticated data 

management features. The integration of a graphical user interface (GUI) and Oracle 

database enables EISMP to handle a large amount of market data and yet provide users 

with an intuitive way to operate the tool. The overall structure of the SPP-EIS market 

planner software is illustrated in Figure 6.1. 

 

Figure 6.1 SPP-EIS market planner components 

 

The EISMP consists of six modules, each of which performs different planning 

and operation functions. These modules are described in the following subsections. 
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6.2.1 SPP Portal Connection Module 

The SPP Portal connection module establishes a communication channel 

between local machine and the SPP market system (SPP MUI). Its main purpose is 

market data transfer. The market information is transferred using the Programmatic 

Application Programming Interface (Programmatic API), which is an XML-based 

messaging interface for messages exchange between MPs and the SPP [50].  

The eXtensible Markup Language (XML) is a standard format for data 

communication in the EIS market. XML is a simple and flexible text format that has 

become the de facto standard for communication and data interchange between loosely 

coupled services, replacing simpler formats such as comma-separated values (CSV), 

that lack the flexibility and extensibility of XML. A great advantage of the XML format 

is that data is represented by named tags and XML supports nested relationships. 

Hence, applications that consume XML data can easily interpret the data and confirm 

that data is in the correct format and that the data is complete.  

Figure 6.2 describes the data submission and data retrieval process between 

MPs and the SPP. The process starts with the formulation of a request message at the 

local machine by the EISMP tool. This message can be a submit request used by the MP 

to submit offers/plans to the market, or it can be a query request to retrieve some 

information from the SPP market system. The portal connection module will initiate an 

HTTP connection to the remote SPP server using the Secure Socket Layer (SSL) along 

with an authentication digital certificate. The SPP only allows authorized clients to 

connect to its server. Hence, a digital certificate is required as a security key to verify 
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identity of the client and establish an authorized connection. Once the connection is 

established, a request message will be sent to the SPP. The SPP will validate the 

message, process the request and generate a response (which can be a 

successful/unsuccessful data tag along with the requested data) that is returned to the 

MP. The SPP portal connection module collects the returned information and saves it in 

temporary XML files. These files are further processed and incorporated into the 

database by the database transfer module. 

 

Figure 6.2 SPP data communication process 

6.2.2 XML-to-database Transfer Module 

The XML-to-database transfer module interprets the XML response from the 

SPP server and stores the data in the Oracle database. The generation planning and 

settlement analysis functions require the appropriate type and structure of the input and 

output datasets. This input/output data preparation is performed by the XML-to-

database transfer module. The module establishes a data connection to the Oracle 

database using the ActiveX Data Object provided by the .NET framework (ADO.NET). 

Data is populated into the dataset as a result of query statements. Through this process, 
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the functions inside EISMP software can manipulate the data separately from the 

database, making it possible to recover the original data if the program experiences any 

interruption during the data processing and transfer. The ADO.NET enables EISMP to 

perform simultaneous queries while maintaining stability and performance of data 

access. Once the generation planning and settlement calculations complete, the output 

data can be pushed back to the database by insert or update query commands in a 

reverse order. 

6.2.3 Short-term Load Forecast Module 

The short-term load forecast module performs the hourly load forecast using the 

Artificial Neural Network algorithm presented in Chapter 3. The main inputs for the 

STLF module are the hourly temperature, historical meter load, and historical 

temperature over at least a 3-year period. In this research, the inputs are provided by the 

sponsor utility as external CSV files. This data is revised hourly to update the latest 

changes in actual load and temperature. The short-term load forecast module reads the 

inputs, calculates the forecast, and populates the hourly load forecast results into the 

database and the output load forecast data files. The forecast output of each day consists 

of 24 hourly records representing the forecast load for each hour. The number of future 

hours to be forecast depends on the availability of temperature forecasts. Currently, 

forecasts are calculated up to 148 hours in advance. Load forecasting is implemented by 

service area. A group of service areas can be mapped into the load settlement location. 

The client utility is currently using 24 load areas, which can be grouped into 3 

settlement locations in the system. The aggregation of the forecast load from all areas, 
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adjusted by forward contract purchase/sell quantity, represents the total load obligation 

that utilities need to fulfill according to the SPP resource adequacy requirement. 

6.2.4 Hourly Price Forecast Module 

The hourly price forecast module utilizes the output from the short-term load 

forecast module and estimates the locational imbalance price at different settlement 

locations in the future hours. The algorithm used in price forecast module is discussed 

in Chapter 4. The price forecast can be activated automatically after the short-term load 

forecast is performed or can be manually activated by the user. The output is given in 

terms of settlement location per operating hour. The input and output data is transferred 

directly from/to the Oracle database.  

6.2.5 Generation Planning Module 

The generation planning module contains two main sub functions: the economic 

dispatch and the unit commitment scheduling. The economic dispatch function 

implements the lambda iteration method to compute the optimal set points at each 

specific load and reserve requirement. The economic dispatch function is used for the 

calculation of the generating unit set points from the real-time dispatch instruction and 

is a part of the unit commitment process. Different algorithms are utilized in the cost-

based and price-based unit commitment planning, as discussed in Chapter 5. In the cost-

based unit commitment, users have the option to use the DP-SC or DP-STC algorithms. 

A separate function was developed for price-based unit commitment. 

The inputs for the generation planning module are the load forecast, price 

forecast, and the unit characteristics. The outputs from the generation planning module 
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contains the detailed hourly energy production cost of each unit, the unit marginal cost, 

fuel cost, start-up cost, shutdown cost, and on/off status of the units. The output from 

the generation planning module is employed to populate the resource plan and ancillary 

service plan to be submitted to the SPP. 

6.2.6 Settlement Analysis Module 

The settlement analysis module contains functions that imitate the energy 

imbalance settlement process as calculated by the SPP. Settlement calculation can be 

performed in two stages – pre-analysis (i.e. forecast settlement) and post-analysis (i.e. 

shadow settlement). The algorithm for forecast settlement and shadow settlement are 

the same, but the input data comes from different sources and the purpose of the 

calculation is different. The forecast settlement takes the energy schedules, forecasted 

price, and estimated actual generation to estimate the imbalance settlement profit/loss 

before the operating hour starts. MPs have the option to adjust the energy schedules and 

analyze possible changes in the net settlement amount. The shadow settlement, on the 

other hand, calculates the settlement based on the data from the SPP invoice statement. 

The shadow settlement is employed to validate the accuracy of SPP statements. In the 

settlement module, the energy imbalance service, over-scheduling charge, under-

scheduling charge, and uninstructed deviation penalty are integrated. 

 Different input and output information required for each module are summarized 

in Table 6.1. 
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Table 6.1 Summary of Input/Output of EISMP Modules 

Module Input Output 

1) SPP Portal connection Offer/Plans from the database 
Or the response from SPP MUI 

XML files storing 
response 

2) XML-to-database 
transfer 

XML files response from 1) 
Data query from database 

Data inserted to database 
Data set for generation 
planning and operations 

External forecast temperature file 
External meter load data 3) Short-term load forecast 
External meter temperature data 

Hourly forecasted load 
stored into database and 
external files 

Hourly forecasted load from 3) 
Historical price from database 4) Hourly price forecast 
Historical load data from database 

Hourly forecasted price 
stored into database 

Unit characteristics from database 
Hourly forecasted load from 3) 5) Generation planning 
Hourly forecasted price from 4) 

Cost-based/Price-base 
Commitment scheduling 
stored into database 

Energy scheduling from 5) 
Recorded price from SPP 
settlement statement 6) Settlement analysis 

Recorded meter 

EIS settlement result 
stored into database 

 

6.3 Database Design 

The Oracle database is the backbone that supports the operations of multiple 

functions in the EISMP. The market and system information are stored using a 

relational database model. A relational database consists of an organized collection of 

data known as tables. Each table stores a group of related properties called fields. For 

example, a table storing generation unit parameters may contain unit name, unit ID, 

minimum/maximum capacity, ramp rate, etc. as its fields. The data that represents a 

single object with a set of associated properties is referred to as a record. The fields in a 

relational database correspond to the columns, and the records correspond to the rows in 

the conventional data representation. 
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As described above, the EISMP consists of several modules. Ideally, with proper 

input data, each module should be able to perform its designated functions 

independently. However, in most cases, the operation of one module relies on the output 

from other modules. For example, the unit commitment generation planning depends 

upon the load and price forecast results from the load forecast and price forecast 

modules. In addition, the MPs must deal with a substantial amount of market data. For 

example, a small MP with simply 5 registered resources needs to perform the economic 

dispatch for unit allocation at least DeployInthourssettleloc 12245 ××  = 1440 times a day. It 

would be difficult to manage data and perform such a large number of calculations 

without a proper database design. A common database is therefore a key to facilitate the 

data transfer and makes it possible to utilize large amounts of information in an 

effective manner.  

In the EISMP, different groups of tables are created to store information related 

to different generation planning and market functions. Detailed data structure with 

associated data type of each data table is provided in Appendix D. A summary of the 

data tables and their descriptions are given in Table 6.2. 
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Table 6.2 Summary of Data Tables in the EISMP Database 

Category Table names Description 
ASSET_TYPE Define possible asset type 

{GEN,CLD,LD,PLT,RTO} 

AS_SCHEDULE_TYPE Define a/s schedule type 
{Resource,Obligation} 

CHARGE_TYPE Define charge type 
{EIS,RNU,OSC,USC,UDC,..} 

NERC_REGISTER_LOCATION Define mapping between settlement 
location and Pnode used in OASIS 

RESERVE_TYPE Define reserve type 
{SPIN,SUPP,URS,DRS} 

RESOURCE_STATUS 
Define resource status  
{Available, SelfScheduled, Manual, 
Supplemental, Unavailable} 

SCHEDULE_TYPE Define schedule type  
{Nativeload, BilateralSchedule} 

SETTLEMENT_TYPE Define settlement type  
{Forecast, Initial, Final, Resettlement} 

UNIT_GROUP Define unit group  
{baseload, intermediate, peakload} 

Tables storing 
data categories 

UNIT_MODE Define unit mode for generation planning 
{available, autoED, offline} 

UNIT Store unit characteristics, i.e. id, unit 
name, ramp rate, etc. Tables storing 

resource data UNIT_IHR Store unit incremental heat rate by 10 
pairs of MW-IHR 

AS_OBLIGATION Store ancillary service obligation SPP 
AS_PLAN Store submitted ancillary service plan data 
DISPATCH_INSTRUCTION Store dispatch instruction from SPP 
MARKET_CURRENT_OFFERCAP Store resource offer cap from SPP 
MARKET_CURRENT_URDRESOU
RCELOCK 

Store current status of uninstructed lock 
from SPP 

MARKET_SCHEDULE_TIMELINE Store market schedule timeline from SPP 
OFFER_CURVE Store submitted offer curve 
RESOURCE_PLAN Store submitted resource plan data 
SETTLEMENT_LOCATION Define settlement location 

Tables storing 
market data 

SETTLEMENT_PRICE Store market energy clearing price (LIP) 
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Table 6.2 - continued 

Category Table names Description 
ACTUAL_CALOAD_MIDTERM Store hourly actual load record 
ACTUAL_CALOAD_SHORTTERM Store 5-min actual load record 
BILATERAL_CONTRACT Define bilateral contract definition 
CONTROL_AREA Define control area 
FORECAST_CALOAD_MIDTERM Store hourly forecast load from SPP 
FORECAST_CALOAD_ 
SHORTTERM Store 5-min forecast load from SPP 

INTFORECAST_AREALOAD_ 
MIDTERM Store hourly forecast load by ANNSTLF 

LF_AREA Define load forecast area 
METER Define meter location 

Tables storing 
system data 

MPFORECAST_CALOAD_ 
MIDTERM Store submitted participant load forecast 

ASSET_ACTUAL_MWH Store meter record of resource/load by 
settlement location 

ASSET_SCHEDULE_MWH Store resource/load schedule by 
settlement location 

ENERGY_SCHEDULE_MWH Store scheduled amount by contract 
SETTLE_DISGORGEMENT_ 
DETAIL Store over/under scheduling penalty detail 

SETTLE_STATEMENT_DETAIL Store settlement detail from internal 
settlement calculation 

SETTLE_STATEMENT_DETAIL_ 
RTO 

Store settlement detail from SPP 
statement 

SETTLE_STATEMENT_HOURLY Store settlement summary by hour from 
internal calculation 

SETTLE_STATEMENT_HOURLY_
RTO 

Store settlement summary by hour from 
SPP statement 

SETTLE_STATEMENT_TOTAL Store settlement total amount from 
internal calculation 

Tables storing 
settlement data 

SETTLE_STATEMENT_TOTAL_ 
RTO 

Store settlement total amount from SPP 
statement 

LOADADJUST_ 
MANUALDISPATCH 

Store MW adjustment from manual 
dispatch resources 

LOADADJUST_PURCHASE Store MW adjustment from bilateral 
purchase 

LOADADJUST_SALE Store MW adjustment from bilateral sale 

UNIT_ECD Store production cost details from cost-
based UC run 

Table storing 
generation  
planning data 

UNIT_PROFIT Store production cost details from price-
based UC run 
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6.4 Software Interface and Implementation Examples 

The integration and practical implementation of the EIS market planner system 

stands as the greatest challenge among all the development processes. In order to 

provide a visual mechanism for users to access data and implement all the algorithms 

proposed in this research, a complete structure of the SPP-EIS market planner (EISMP) 

system with a graphical user interface has been developed. The user interface is an 

exclusive feature of the EIS market planner. The GUI provides users a convenient way 

to perform embedded functions. The machine running EISMP requires the installation 

of .NET framework 2.0 and an Oracle client set up to establish proper connection with 

the database server that stores the system and market data of a particular utility system. 

Figure 6.3 shows the main screen of the SPP-EIS interface. In this figure, the 

RTO energy imbalance statement is displayed. Using the GUI, users can activate the 

EISMP integrated functions through the main menu. In general, Structured Query 

Language (SQL) commands must be coded in order to insert, retrieve, group, or 

perform other data manipulation on a Oracle database. In EISMP, however, the data 

manipulation and SQL coding is performed internally. As a result, EISMP users require 

minimum database knowledge to operate the program.  

A complete description on the EISMP user interface is provided in Appendix E. 

The main menu contains multiple commands groups by functions. A summary of menu 

functions is provided in the Table 6.3.  
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Table 6.3 Generation Planning and Market Operation Functions in EISMP 

Menu Functions 
Set security certificate location for SPP MUI connection Configure 
Set username, password for Oracle database connection 
Set system data, i.e. control area, SL, meter, NERC registry map 
Set resource data, i.e. the unit parameters, cost curve System Data 
Calculate hourly load forecast and price forecast 
Access the real-time market data from SPP portal Market Data 
Display the dispatch instruction and calculation unit ECD 
Modify resource plan, A/S plan, Offer curve and MP load forecast Market Plan 
Submit modified plan to SPP, Retrieve submitted information 
Adjust firm load obligation from bilateral contract 
Perform cost-based unit commitment scheduling 
Perform price-based unit commitment scheduling 

Generation  
Planning 

Perform manually economic dispatch 
Calculate forecast settlement 
Calculate shadow settlement Settlement  

Analysis 
Perform energy schedule sensitivity analysis 
Import RTO statement from XML file for convenient display RTO Statement 
Compare the RTO statement to the internal shadow settlement validation 

 

 

Figure 6.3 EIS market planner interface 
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6.4.1 Example 1: Generation Planning 

A simulation example is provided to show how MPs can use EISMP to perform 

generation planning in the EIS market. The simulation is performed on October 13, 

2006 using the load data from the sponsor utility. However, in order to protect the 

company’s information, the resource data has been modified. The simulation utilizes the 

resource data in Appendix A. The results shown in this section do not represent the 

actual operation of the sponsor utility. The simulation provides only an illustration of 

the process of resource planning through the EISMP.  

The first step in the generation planning is to perform short-term load 

forecasting. The utility defines 24 load-areas to perform load forecasts. These 24 areas 

are grouped into 3 settlement locations. Figure 6.4 shows the results of the short-term 

load forecast module by load forecast area. The aggregated load forecast by settlement 

location and the combined load for the whole control area are provided in Table 6.4. 

Using the load forecast results from the short-term load forecast module; the 

hourly locational imbalance price can be estimated at each settlement location using the 

price forecast function of the system data menu. The hourly price forecast result is 

given in Table 6.5. The forecast price is found to be uniform for all settlement locations 

on the simulation day. The actual location imbalance price that has been recorded after 

the fact is plotted with the forecast price in Figure 6.5 for comparison. 
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Table 6.4 Load Forecast Results for Example 1 

Hour 1 2 3 4 5 6 7 8
SL1 507.46 501.43 498.07 499.6 515.87 549.96 586.37 641.9
SL2 47.48 46.09 47.13 48.51 50.54 51.58 57.69 62.43
SL3 30.19 24.23 24.42 25.48 23.52 26.4 26.53 27.56
System 585.13 571.75 569.62 573.59 589.93 627.94 670.59 731.89
Hour 9 10 11 12 13 14 15 16
SL1 646.38 608.19 595.55 578.81 568.82 566.15 561.45 562.33
SL2 58.32 52.86 47.86 43.09 44.34 44.25 43.82 44.51
SL3 26.66 28.08 27.3 27.26 27.28 27.25 27.05 26.3
System 731.36 689.13 670.71 649.16 640.44 637.65 632.32 633.14
Hour 17 18 19 20 21 22 23 24
SL1 573.38 584.2 596.77 596.04 619.72 588.06 557.05 535.06
SL2 43.79 43.46 46.19 46.27 54.28 49.45 46.11 45.53
SL3 25.98 23.98 24.31 24.26 24.46 24.47 22.25 21.43
System 643.15 651.64 667.27 666.57 698.46 661.98 625.41 602.02

 

 

Figure 6.4 Short-term load forecast by load area for example 1 
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Table 6.5 Price Forecast Results for Example 1 

Hour 1 2 3 4 5 6 7 8
Fcst LIP 27.12 23.63 20.88 20.92 22.61 35.79 42.87 42.39
Hour 9 10 11 12 13 14 15 16
Fcst LIP 40.31 41.92 42.15 39.96 42.78 44.25 44.57 42.9
Hour 17 18 19 20 21 22 23 24
Fcst LIP 37.46 41.1 45.69 48.57 45.35 40.5 37.49 24.49
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Figure 6.5 Hourly price estimation for example 1 

The utility can perform the unit commitment scheduling to obtain the optimal 

schedule to supply firm load obligations and fulfill ancillary service obligations as 

required by the SPP. The cost-based unit commitment is calculated in this example. The 

planning horizon covers the 24-hour period of the simulation date starting from hour 

ending 0100. The unit commitment results from EISMP using the DP-STC approach are 

illustrated in Figure 6.7. The cumulative production cost over the 24-hour period is 

$311,853.71, with an average production cost of $20.22/MWh. The load is supplied by 

Unit 1, Unit 4, and Unit 5. 
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Figure 6.6 Ancillary service obligation for example 1 

 

 

Figure 6.7 Cost-based UC results for example 1 
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According to the UC scheduling, the utility can develop a resource plan to 

submit to the market. The process of generating a resource plan can be automated by the 

EISMP. An example of resource plan submission for the hour ending 0600 is shown in 

Figure 6.8. In this example, Unit 1 is mapped to the “RESOURCE_COAL_PLANT” 

settlement location, while the “RESOURCE_COMBINED_CYCLE” settlement 

location contains the aggregated output from Units 4 and 5. The resource plan is 

submitted with resource status identified as self-scheduled. 

 

Figure 6.8 Resource plan submission for example 1 

6.4.2 Example 2: Imbalance Settlement Calculation 

According to the unit commitment results and the resource plan submission 

from the previous example, the energy schedules can be populated as shown in Table 

6.6. All the output from “RESOURCE_COAL_PLANT” is used to supply load at load 

settlement location SL1, while the output from “RESOURCE_COMBINED_CYCLE” 

is distributed among SL1, SL2, and SL3 to match the load forecast obligation in Table 

6.4. 
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Table 6.6 Energy Schedules Submission for Example 2 

Hour Schedule1 Schedule2 Schedule3 Schedule4 Total 
1 455 52 48 30 585 
2 455 47 46 24 572 
3 455 45 46 24 570 
4 455 45 49 25 574 
5 455 59 52 24 590 
6 455 95 52 26 628 
7 455 130 59 27 671 
8 455 187 62 28 732 
9 455 191 58 27 731 

10 455 153 53 28 689 
11 455 141 48 27 671 
12 455 124 43 27 649 
13 455 115 43 27 640 
14 455 112 44 27 638 
15 455 106 44 27 632 
16 455 107 45 26 633 
17 455 118 44 26 643 
18 455 130 43 24 652 
19 455 142 46 24 667 
20 455 143 45 24 667 
21 455 165 54 24 698 
22 455 135 48 24 662 
23 455 102 46 22 625 
24 455 80 46 21 602 

NOTE         Schedule 1 : From RESOURCE_COAL_PLANT                      To Load SL1 
                   Schedule 2 : From RESOURCE_COMBINED_CYCLE            To Load SL1 
                   Schedule 3 : From RESOURCE_COMBINED_CYCLE            To Load SL2 
                   Schedule 4 : From RESOURCE_COMBINED_CYCLE            To Load SL3 

 

 Since the resource plan identifies two online resources as self-scheduled, the 

utility will receive the dispatch instruction equal to the aggregated scheduled MW from 

the submitted schedules during real-time operation. Assuming that the utility operates 

the resources precisely as instructed, i.e., the actual MW at each resource location 

matches with the scheduled MW, there will be no resource energy imbalance at the 

resource settlement locations. However, in the case that the load and price forecasts are 
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imperfect, the actual demand consumption at the load settlement location may be 

different from the forecast load in the generation planning. Given the actual load and 

actual price as in Table 6.7, the final imbalance settlement will contain an energy 

imbalance service charge at load settlement locations. The energy imbalance settlement 

can be calculated by the settlement analysis function in the EISMP. The results can be 

displayed in terms of charge type summary by hour ending, a detailed settlement by 

settlement location, or a detailed settlement by hour ending. The settlement components 

of this example are summarized in Table 6.8, with a sample screen shot of the detailed 

settlement of the first three hours shown in Figure 6.9. 

Table 6.7 Actual Load and Actual LIP for Example 2 

Hour Load SL1 Load SL2 Load SL3 Actual LIP 
1 533.51 50.97 24.91 32.97 
2 523.76 49.69 23.87 16.30 
3 520.71 49.56 24.91 21.34 
4 522.79 50.13 23.87 21.84 
5 532.85 50.91 24.91 21.59 
6 569.72 56.26 23.87 34.65 
7 654.37 64.26 25.95 43.20 
8 682.46 64.70 24.91 43.90 
9 636.27 56.36 26.99 40.27 

10 609.82 50.41 25.95 47.93 
11 588.51 45.74 25.95 45.30 
12 571.79 44.74 25.95 42.25 
13 561.36 44.04 25.95 40.75 
14 554.85 43.02 25.95 41.40 
15 552.68 43.03 25.95 39.50 
16 558.93 42.63 25.95 37.27 
17 567.83 42.24 23.87 39.69 
18 573.89 43.54 23.87 37.83 
19 576.61 43.34 23.87 40.32 
20 605.03 48.85 23.87 40.86 
21 611.26 52.33 23.87 35.88 
22 599.74 50.74 23.87 34.93 
23 571.99 48.38 22.84 37.46 
24 539.15 46.25 19.72 18.79 
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Table 6.8 Charge Type Summary by Hour Ending for Example 2 

Quantity [MW] Settlement Amount [$] Total Amount Hour EIS UDC EIS USP OSP UDC Charge+/Credit-
100 24.39 0 804.14 0 0 0 804.14 
200 25.32 0 412.72 0 0 0 412.72 
300 25.18 0 537.34 0 0 0 537.34 
400 22.79 0 497.73 0 0 0 497.73 
500 18.67 0 403.08 0 0 0 403.08 
600 21.85 0 757.10 0 0 0 757.10 
700 73.58 0 3178.66 0 0 0 3178.66 
800 40.07 0 1759.07 0 0 0 1759.07 
900 -11.38 0 -458.27 0 0 0 -458.27 

1000 -2.82 0 -135.16 0 0 0 -135.16 
1100 -10.8 0 -489.24 0 0 0 -489.24 
1200 -6.52 0 -275.47 0 0 0 -275.47 
1300 -8.65 0 -352.49 0 0 0 -352.49 
1400 -14.18 0 -587.05 0 0 0 -587.05 
1500 -10.34 0 -408.43 0 0 0 -408.43 
1600 -5.49 0 -204.61 0 0 0 -204.61 
1700 -9.06 0 -359.59 0 0 0 -359.59 
1800 -10.70 0 -404.78 0 0 0 -404.78 
1900 -23.18 0 -934.62 0 0 0 -934.62 
2000 10.75 0 439.25 0 0 0 439.25 
2100 -10.54 0 -378.17 0 0 0 -378.17 
2200 12.35 0 431.39 0 0 0 431.39 
2300 18.21 0 682.15 0 0 0 682.15 
2400 3.12 0 58.63 0 0 0 58.63 

TOTAL 172.62 0 4973.36 0 0 0 4973.36 
 

 

Figure 6.9 Energy imbalance settlement for example 2 
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6.4.3 Example 3: Resource Allocation from Dispatch Instruction 

 The third example shows that the EISMP can be used to allocate dispatch 

instructions to the unit generation set point. In the EIS market, the dispatch instruction 

is communicated from the SPP every 5 minute. This instructed MW is given in terms of 

the settlement location. The settlement location may represent a single unit or a plant. 

The EISMP can facilitate the allocation of the dispatch MW resource set point for a 

plant to the unit basis. An example of dispatch instruction for the interval ending 2210 

on October 24, 2006 is shown in Figure 6.10. 

 

 

Figure 6.10 SPP dispatch instruction for example 3 
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Given the instructed MW as in Figure 6.10, the corresponding unit generation 

set point can be calculated as shown in Figure 6.11. There are three units: Unit 3, Unit 

4, and Unit 5 that are registered at the same “RESOURCE_COMBINED_CYCLE” 

settlement location. Therefore, the SPP instructed 112 MW for this plant must be 

allocated among these three units. The result shows that the optimal set points for Unit 

3, Unit 4, and Unit 5 are 32.7 MW, 54.3 MW, and 25 MW, respectively. According to 

the unit data in this simulation system, Unit 5 has higher incremental cost than Unit 3 

and Unit 4. The economic dispatch yields the result in which Unit 3 and Unit 4 are 

operated at the same marginal cost (equal lambda) while Unit 5 hits its minimum 

capacity limit with the incremental cost greater than the other two units. The equal 

lambda condition is satisfied by economic dispatch calculation in EISMP. 

The instructed MW allocation function also provides flexibility for users to 

adjust the combination of online units. For example, for the same deployment interval, 

if only Unit 3 and Unit 4 are online at the “RESOURCE_COMBINED_CYCLE” 

settlement location, the MW set point allocation can be reallocated as shown in Figure 

6.11. Unit 3 and Unit 4 will provide more output to satisfy the 112 MW instructed set 

point, while maintaining the equivalent marginal cost at the same settlement location. 
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Figure 6.11 Real-time resource dispatches for example 3 

 

 

Figure 6.12 Real-time resource dispatches for example 3 with  
alternate combination of online resources 
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6.5 Chapter Summary 

 The EISMP has been developed as the evolutionary tool to support utilities’ 

generation planning and market operations. The EISMP integrates many useful 

functions with an ultimate goal to promote participation of utilities in the EIS market in 

an efficient and active way. The functions includes the accessibility of up-to-date 

market status from the local machine, short-term load forecast, hourly price forecast, 

unit commitment scheduling, real-time economic dispatch of resource instructed MW, 

imbalance settlement calculation, and the validation of RTO statements. The EISMP 

system uses the Oracle database for centralized data storage. Three implementation 

examples using the developed EISMP tool to aid decision in planning and operation 

were discussed under the real market operation environment. EISMP offer a user 

friendly environment and effective data management capability which can serves as a 

valuable tool to support utilities’ operation in the new EIS market design.   
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CHAPTER 7 

CONCLUSION 

 

7.1 Conclusion 

The deregulation of the U.S. electric supply industry has been underway since 

enactment of the Energy Policy Act of 1992. A non-discriminatory access to 

transmission services is a prerequisite for fair competition in the wholesale and retail 

electricity markets. The concept of the Regional Transmission Organization (RTO) was 

endorsed by the FERC to coordinate and manage transmission grids on a regional basis. 

The wholesale energy market has been established or is currently developing at RTOs 

across the country. However, without continuing impetus towards the Standard Market 

Design, the market development varies region by region, based on the best judgment of 

individual RTO as to how to accommodate the needs for its region. 

The Southwest Power Pool (SPP) is expecting its first market, the Energy 

Imbalance Service (EIS) market, to be launched in early 2007. The transition of SPP 

towards market operations will have significant impacts on the way the MPs plan and 

operate their generation resources. In order to support the MPs’ efficient and active 

market participation, many aspects of market operations and generation planning in the 

new EIS market design are studied in this dissertation. 
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With regard to the market operation, the EIS market introduces new cost 

components and imposes restrictions that the market participants must follow, specified 

by the SPP market protocols. The energy imbalance settlement is one such additional 

cost under the new market design. The analysis of this cost component reveals that 

energy imbalance settlement can vary as a result of scheduled energy during periods of 

constrained transmission. The lost profit associated with imbalance settlement can be 

minimized by appropriate energy schedule adjustment. The location imbalance price 

has a direct impact on the real-time optimal scheduling of market dispatch. 

Short-term load forecasting (STLF) has been a part of utility planning in the 

past, and will remain critical for generation planning in the market environment. An 

Artificial Neural Networks short-term load forecasting model was developed and 

evaluated. Five day types with distinct load characteristics were identified, and separate 

networks were constructed to more accurately model the load during each type of day. 

Load affecting factors were selected among potential inputs based on statistical 

analysis. Evaluation using historical data shows that this STLF produces forecasts with 

an average absolution percentage error less than 2% for hourly adjustment forecasts.  

The new market environment introduces a need to perform market price 

forecasting. An accurate price forecast enables MPs to estimate the credit/charge 

associated with the imbalance settlement before submitting their resource schedule. A 

simple price forecasting method based on similar load profiles is proposed, which offers 

advantages of simplicity and rapid computation. A simulation based on historical PJM 

market price data demonstrates satisfactory performance of the proposed approach. 
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Two unit commitment scheduling techniques were implemented for different 

participation modes in the new market. MPs that choose to operate their resources in 

self-scheduled mode can apply cost-based unit commitment to determine an optimal 

schedule. This dissertation develops a method using the dynamic programming 

sequential truncated combination (DP-STC) algorithm to solve the cost-based unit 

commitment scheduling problem. DP-STC reliably determines a near-optimal solution 

to this scheduling problem at a small fraction of the computation time required for a full 

dynamic programming solution.  

Price-based unit commitment scheduling is applicable to the planning activities 

of MPs that elect to operate their resources in market ‘available’ mode. This price-based 

UC helps the MPs to calculate a schedule with which they can operate their units in a 

profitable manner while fulfilling resource adequacy requirement as specified by the 

EIS market rules. 

The Energy Imbalance Service Market Planner (EISMP) package has been 

developed to support the generation planning and market operations in the EIS market. 

The EISMP integrates all the essential functions, which includes the short term load 

forecast, market price estimation, energy schedule sensitivity analysis, energy 

imbalance settlement, real-time market data access, resource plan/offer curve 

submission, and RTO statement verification into the package. The EISMP is written in 

an objected-oriented programming language and utilizes the Oracle database 

management system. The package provides a user-friendly graphical user interface, and 

use of Oracle for data storage, offering users an effective tool to manage market 
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information and perform effective generation planning. The EISMP can serve as a 

valuable tool to support MPs’ participation in the new SPP-EIS market environment. 

7.2 Contributions 

This dissertation entails a comprehensive study of utility planning under the 

institution of the SPP-EIS market. Since the EIS market is the first market in the SPP 

region, its regulations are relatively new to all market participants. The comprehensive 

study of EIS market in this dissertation can promote the readiness of a utility to 

participate in the market. 

The dissertation makes the following contributions with regards to generation 

planning of the MPs in the EIS market. 

 1) Proper steps in the design of ANNSTLF have been discussed, with the 

practical implementations of the model in the real utility environment. The structure of 

the developed ANNSTLF can support multiple regions load forecasting to facilitate the 

planning of multiple load settlement locations in the EIS market scheme. 

 2) A new price forecasting approach based on load profiles has been proposed. 

The approach is simple and provides accuracy comparable to other methods proposed in 

the literature. 

3) Many generation strategies with regards to the utility operations under the 

new EIS market environment have been analyzed. These strategies include: 

- The resource dispatch strategy based on the imbalance settlement price. 

- The energy schedule sensitivity analysis to minimize the risk associated with 

inappropriate energy schedule submission. 
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- The priced-based unit commitment scheduling using the new concept of 

economic dispatch based on market price and incremental bid curve. 

4) A development and implementation of an evolutionary EIS market planner 

tool with extensive database design for effective storage of market and system data. The 

software functions have been tested in the real market environment. 

7.3 Recommendation for Future Studies 

 The study in this dissertation is based upon the rules published in the latest 

available SPP market protocols, version 3.0a, at the time of this study. It is likely that 

some of the market regulations may change as a result of the actual market 

implementation. However, it is believed that many parts of the development in this 

dissertation associated with utility planning such as the load forecasting, price 

forecasting, and unit commitment scheduling will remain usable for the market 

participants irrespective to changes in market design. Other functions related to the 

markets such as settlement calculation and energy schedule analysis may need an 

update should there is a modification in the market protocols. 

 In addition, further study of the following areas may provide benefits to the 

MPs’ operation in the SPP market: 

a) The integration of system security issues, such as including Security 

Constrained Unit Commitment (SCUC) or Security Constrained Economic 

Dispatch (SCED) into the generation planning process. 

b) The integration of transmission service charges, i.e. inclusion of the point-to-

point transmission service charge and possible future congestion charge (not 
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applicable in the current EIS market design) into the generation planning 

process 

c) The optimization of short-term and long-term bilateral contracts. 

d) The evaluation of the risk associated with market price and load forecasting. 

e) Explore the possibility of including special types of units such as renewable 

resources or hydro-thermal units based on specific requirement of the system. 
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APPENDIX A 
 
 

10-UNIT TEST SYSTEM 
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Table A.1 Characteristics of 10 generating units 
 

UNIT 
ID 

UNIT 
Name Mode Unit 

Group 
MinEcon

[MW] 
MaxEcon

[MW] 
MinCap

[MW] 
MaxCap 

[MW] 
1 Unit1 AutoED BaseLoad 150 455 150 455 
2 Unit2 AutoED BaseLoad 150 455 150 455 
3 Unit3 AutoED Intermediate 20 130 20 130 
4 Unit4 AutoED Intermediate 20 130 20 130 
5 Unit5 AutoED Intermediate 25 162 25 162 
6 Unit6 AutoED Intermediate 20 80 20 80 
7 Unit7 AutoED Intermediate 25 85 25 85 
8 Unit8 AutoED PeakLoad 10 55 10 55 
9 Unit9 AutoED PeakLoad 10 55 10 55 

10 Unit10 AutoED PeakLoad 10 55 10 55 
 

UNIT 
ID 

UNIT 
Name 

RampUp 
[MW/min] 

RampDn 
[MW/min]

Penalty
Factor %Eff MinUp

[Hr] 
MinDn 

[Hr] 
O&M 

[$/MW] 
1 Unit1 8 8 1 100 8 8 0 
2 Unit2 8 8 1 100 8 8 0 
3 Unit3 5 5 1 100 5 5 0 
4 Unit4 5 5 1 100 5 5 0 
5 Unit5 5 5 1 100 6 6 0 
6 Unit6 5 5 1 100 3 3 0 
7 Unit7 5 5 1 100 3 3 0 
8 Unit8 5 5 1 100 1 1 0 
9 Unit9 5 5 1 100 1 1 0 

10 Unit10 5 5 1 100 1 1 0 
 

UNIT 
ID 

UNIT 
Name 

Warm 
start 
Time 
[Hr] 

Cold 
start 
Time 
[Hr] 

Hot-
start 
Cost 
[$] 

Warm 
start 
Cost 
[$] 

Cold 
start 
Cost 
[$] 

Shut 
Down 
Cost 
[$] 

Initial 
Time 
[Hr] 

Initial
MW 

1 Unit1 0 5 4500 4500 9000 0 8 320 
2 Unit2 0 5 5000 5000 10000 0 8 320 
3 Unit3 0 4 550 550 1100 0 -5 0 
4 Unit4 0 4 560 560 1120 0 -5 0 
5 Unit5 0 4 900 900 1800 0 -6 0 
6 Unit6 0 2 170 170 340 0 -3 0 
7 Unit7 0 2 260 260 520 0 -3 0 
8 Unit8 0 0 30 30 60 0 -1 0 
9 Unit9 0 0 30 30 60 0 -1 0 
10 Unit10 0 0 30 30 60 0 -1 0 
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Table A.2 Fuel price and Cost curve of 10 generating units 

 

UNIT_ID UNIT_NAME COEFF_A0
[MBtu/h] 

COEFF_A1 
[MBtu/MWh]

COEFF_A2 
[MBtu/MW2h]

COEFF_A3 
[MBtu/MW3hr] 

1 Unit1 1000 16.19 0.00048 0 
2 Unit2 970 17.26 0.00031 0 
3 Unit3 140 3.32 0.00040 0 
4 Unit4 136 3.3 0.000422 0 
5 Unit5 90 3.94 0.000796 0 
6 Unit6 74 4.452 0.001424 0 
7 Unit7 96 5.548 0.000158 0 
8 Unit8 132 5.184 0.000826 0 
9 Unit9 133 5.454 0.000444 0 
10 Unit10 134 5.558 0.000346 0 

 

UNIT_ID UNIT_NAME FUEL_PRICE
[$/MBtu] 

FUEL_MINCAP
[MBtu/h] 

Full load 
Average Cost 

[$/MWh] 
1 Unit1 1 3439.3 18.606 
2 Unit2 1 3565.98 19.533 
3 Unit3 5 206.56 22.245 
4 Unit4 5 202.17 22.005 
5 Unit5 5 189.00 23.122 
6 Unit6 5 163.61 27.455 
7 Unit7 5 234.80 33.454 
8 Unit8 5 183.92 38.148 
9 Unit9 5 187.58 39.484 
10 Unit10 5 189.62 40.068 
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APPENDIX B 
 
 

GENERATION SCHEDULING COMPARISON 
FOR DIFFERENT DYNAMIC PROGRAMMING APPROACHES 
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Table B.1. Optimal schedule from Full DP search 
Hr 1 2 3 4 5 6 7 8 
Load Obl 700 750 850 950 1000 1100 1150 1200 
Unit1 455 455 455 455 455 455 455 455 
Unit2 245 295 370 455 390 360 410 455 
Unit3 0 0 0 0 0 130 130 130 
Unit4 0 0 0 0 130 130 130 130 
Unit5 0 0 25 40 25 25 25 30 
Unit6 0 0 0 0 0 0 0 0 
Unit7 0 0 0 0 0 0 0 0 
Unit8 0 0 0 0 0 0 0 0 
Unit9 0 0 0 0 0 0 0 0 
Unit10 0 0 0 0 0 0 0 0 
Opt Cost 13683.14 14554.51 16809.44 18597.69 20020.08 22387.09 23262.03 24150.39 
StartUp Cost 0 0 1800 0 1120 1100 0 0 
Hrly Cost 13683.14 14554.51 18609.44 18597.69 21140.08 23487.09 23262.03 24150.39 
Cum Cost 13683.14 28237.65 46847.09 65444.78 86584.86 110071.95 133333.98 157484.37 
Hr 9 10 11 12 13 14 15 16 
Load Obl 1300 1400 1450 1500 1400 1300 1200 1050 
Unit1 455 455 455 455 455 455 455 455 
Unit2 455 455 455 455 455 455 455 310 
Unit3 130 130 130 130 130 130 130 130 
Unit4 130 130 130 130 130 130 130 130 
Unit5 85 162 162 162 162 85 30 25 
Unit6 20 33 73 80 33 20 0 0 
Unit7 25 25 25 25 25 25 0 0 
Unit8 0 10 10 43 10 0 0 0 
Unit9 0 0 10 10 0 0 0 0 
Unit10 0 0 0 10 0 0 0 0 
Opt Cost 27251.15 30057.63 31916.17 33890.29 30057.63 27251.15 24150.39 21513.71 
StartUp Cost 860 60 60 60 0 0 0 0 
Hrly Cost 28111.15 30117.63 31976.17 33950.29 30057.63 27251.15 24150.39 21513.71 
Cum Cost 185595.52 215713.15 247689.32 281639.61 311697.24 338948.39 363098.78 384612.49 
Hr 17 18 19 20 21 22 23 24 
Load Obl 1000 1100 1200 1400 1300 1100 900 800 
Unit1 455 455 455 455 455 455 455 455 
Unit2 260 360 455 455 455 455 425 345 
Unit3 130 130 130 130 130 0 0 0 
Unit4 130 130 130 130 130 0 0 0 
Unit5 25 25 30 162 85 145 0 0 
Unit6 0 0 0 33 20 20 20 0 
Unit7 0 0 0 25 25 25 0 0 
Unit8 0 0 0 10 0 0 0 0 
Unit9 0 0 0 0 0 0 0 0 
Unit10 0 0 0 0 0 0 0 0 
Opt Cost 20641.87 22387.09 24150.39 30057.63 27251.15 22735.55 17645.35 15427.43 
StartUp Cost 0 0 0 920 0 0 0 0 
Hrly Cost 20641.87 22387.09 24150.39 30977.63 27251.15 22735.55 17645.35 15427.43 
Cum Cost 405254.36 427641.45 451791.84 482769.47 510020.62 532756.17 550401.52 565828.95 
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Table B.2. Optimal schedule from DP-SC algorithm 
Hr 1 2 3 4 5 6 7 8 
Load Fcst 700 750 850 950 1000 1100 1150 1200 
Unit1 455 455 455 455 455 455 455 455 
Unit2 245 295 265 235 285 360 410 455 
Unit3 0 0 0 130 130 130 130 130 
Unit4 0 0 130 130 130 130 130 130 
Unit5 0 0 0 0 0 25 25 30 
Unit6 0 0 0 0 0 0 0 0 
Unit7 0 0 0 0 0 0 0 0 
Unit8 0 0 0 0 0 0 0 0 
Unit9 0 0 0 0 0 0 0 0 
Unit10 0 0 0 0 0 0 0 0 
Opt Cost 13683.14 14554.51 16892.19 19261.57 20132.63 22387.09 23262.03 24150.39 
StartUp Cost 0 0 1120 1100 0 1800 0 0 
Hrly Cost 13683.14 14554.51 18012.19 20361.57 20132.63 24187.09 23262.03 24150.39 
Cum Cost 13683.14 28237.65 46249.84 66611.41 86744.04 110931.13 134193.16 158343.55 
Hr 9 10 11 12 13 14 15 16 
Load Fcst 1300 1400 1450 1500 1400 1300 1200 1050 
Unit1 455 455 455 455 455 455 455 455 
Unit2 455 455 455 455 455 455 455 310 
Unit3 130 130 130 130 130 130 130 130 
Unit4 130 130 130 130 130 130 130 130 
Unit5 85 162 162 162 162 85 30 25 
Unit6 20 33 73 80 33 20 0 0 
Unit7 25 25 25 25 25 25 0 0 
Unit8 0 10 10 43 10 0 0 0 
Unit9 0 0 10 10 0 0 0 0 
Unit10 0 0 0 10 0 0 0 0 
Opt Cost 27251.15 30057.63 31916.17 33890.29 30057.63 27251.15 24150.39 21513.71 
StartUp Cost 860 60 60 60 0 0 0 0 
Hrly Cost 28111.15 30117.63 31976.17 33950.29 30057.63 27251.15 24150.39 21513.71 
Cum Cost 186454.7 216572.33 248548.5 282498.79 312556.42 339807.57 363957.96 385471.67 
Hr 17 18 19 20 21 22 23 24 
Load Fcst 1000 1100 1200 1400 1300 1100 900 800 
Unit1 455 455 455 455 455 455 455 455 
Unit2 260 360 455 455 455 315 315 345 
Unit3 130 130 130 130 130 130 0 0 
Unit4 130 130 130 130 130 130 130 0 
Unit5 25 25 30 162 85 25 0 0 
Unit6 0 0 0 33 20 20 0 0 
Unit7 0 0 0 25 25 25 0 0 
Unit8 0 0 0 10 0 0 0 0 
Unit9 0 0 0 0 0 0 0 0 
Unit10 0 0 0 0 0 0 0 0 
Opt Cost 20641.87 22387.09 24150.39 30057.63 27251.15 23593.02 17764.18 15427.43 
StartUp Cost 0 0 0 920 0 0 0 0 
Hrly Cost 20641.87 22387.09 24150.39 30977.63 27251.15 23593.02 17764.18 15427.43 
Cum Cost 406113.54 428500.63 452651.02 483628.65 510879.8 534472.82 552237 567664.43 
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Table B.3. Optimal schedule from DP-STC algorithm 
Hr 1 2 3 4 5 6 7 8 
Load Fcst 700 750 850 950 1000 1100 1150 1200 
Unit1 455 455 455 455 455 455 455 455 
Unit2 245 295 370 455 390 360 410 455 
Unit3 0 0 0 0 0 130 130 130 
Unit4 0 0 0 0 130 130 130 130 
Unit5 0 0 25 40 25 25 25 30 
Unit6 0 0 0 0 0 0 0 0 
Unit7 0 0 0 0 0 0 0 0 
Unit8 0 0 0 0 0 0 0 0 
Unit9 0 0 0 0 0 0 0 0 
Unit10 0 0 0 0 0 0 0 0 
Opt Cost 13683.14 14554.51 16809.44 18597.69 20020.08 22387.09 23262.03 24150.39 
StartUp Cost 0 0 1800 0 1120 1100 0 0 
Hrly Cost 13683.14 14554.51 18609.44 18597.69 21140.08 23487.09 23262.03 24150.39 
Cum Cost 13683.14 28237.65 46847.09 65444.78 86584.86 110071.95 133333.98 157484.37 
Hr 9 10 11 12 13 14 15 16 
Load Fcst 1300 1400 1450 1500 1400 1300 1200 1050 
Unit1 455 455 455 455 455 455 455 455 
Unit2 455 455 455 455 455 455 455 310 
Unit3 130 130 130 130 130 130 130 130 
Unit4 130 130 130 130 130 130 130 130 
Unit5 85 162 162 162 162 85 30 25 
Unit6 20 33 73 80 33 20 0 0 
Unit7 25 25 25 25 25 25 0 0 
Unit8 0 10 10 43 10 0 0 0 
Unit9 0 0 10 10 0 0 0 0 
Unit10 0 0 0 10 0 0 0 0 
Opt Cost 27251.15 30057.63 31916.17 33890.29 30057.63 27251.15 24150.39 21513.71 
StartUp Cost 860 60 60 60 0 0 0 0 
Hrly Cost 28111.15 30117.63 31976.17 33950.29 30057.63 27251.15 24150.39 21513.71 
Cum Cost 185595.52 215713.15 247689.32 281639.61 311697.24 338948.39 363098.78 384612.49 
Hr 17 18 19 20 21 22 23 24 
Load Fcst 1000 1100 1200 1400 1300 1100 900 800 
Unit1 455 455 455 455 455 455 455 455 
Unit2 260 360 455 455 455 455 420 345 
Unit3 130 130 130 130 130 0 0 0 
Unit4 130 130 130 130 130 0 0 0 
Unit5 25 25 30 162 85 145 25 0 
Unit6 0 0 0 33 20 20 0 0 
Unit7 0 0 0 25 25 25 0 0 
Unit8 0 0 0 10 0 0 0 0 
Unit9 0 0 0 0 0 0 0 0 
Unit10 0 0 0 0 0 0 0 0 
Opt Cost 20641.87 22387.09 24150.39 30057.63 27251.15 22735.55 17684.68 15427.43 
StartUp Cost 0 0 0 920 0 0 0 0 
Hrly Cost 20641.87 22387.09 24150.39 30977.63 27251.15 22735.55 17684.68 15427.43 
Cum Cost 405254.36 427641.45 451791.84 482769.47 510020.62 532756.17 550440.85 565868.28 
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GENERATION SCHEDULING 
FROM PRICE-BASED UNIT COMMITMENT 
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Table C.1. Hourly market dispatch and firm load obligation 
Hr 1 2 3 4 5 6 7 8 
Load Obl 700 750 850 950 1000 1100 1150 1200 
Reserve Obl 70 75 85 95 100 110 115 120 
Capacity Obl 770 825 935 1045 1100 1210 1265 1320 
Market Price 30 30 30 30 30 30 30 30 
Unit1 455 455 455 455 455 455 455 455 
Unit2 455 455 455 455 455 455 455 455 
Unit3 130 130 130 130 130 130 130 130 
Unit4 130 130 130 130 130 130 130 130 
Unit5 162 162 162 162 162 162 162 162 
Unit6 80 80 80 80 80 80 80 80 
Unit7 0 0 0 0 0 0 0 0 
Unit8 0 0 0 0 0 0 0 0 
Unit9 0 0 0 0 0 0 0 0 
Unit10 0 0 0 0 0 0 0 0 
Market Disp 1412 1412 1412 1412 1412 1412 1412 1412 
         
Hr 9 10 11 12 13 14 15 16 
Load Obl 1300 1400 1450 1500 1400 1300 1200 1050 
Reserve Obl 130 140 145 150 140 130 120 105 
Capacity Obl 1430 1540 1595 1650 1540 1430 1320 1155 
Market Price 30 50 50 50 50 30 30 30 
Unit1 455 455 455 455 455 455 455 455 
Unit2 455 455 455 455 455 455 455 455 
Unit3 130 130 130 130 130 130 130 130 
Unit4 130 130 130 130 130 130 130 130 
Unit5 162 162 162 162 162 162 162 162 
Unit6 80 80 80 80 80 80 80 80 
Unit7 85 85 85 85 85 85 0 0 
Unit8 0 55 55 55 55 0 0 0 
Unit9 0 55 55 55 55 0 0 0 
Unit10 0 55 55 55 55 0 0 0 
Market Disp 1497 1662 1662 1662 1662 1497 1412 1412 
         
Hr 17 18 19 20 21 22 23 24 
Load Obl 1000 1100 1200 1400 1300 1100 900 800 
Reserve Obl 100 110 120 140 130 110 90 80 
Capacity Obl 1100 1210 1320 1540 1430 1210 990 880 
Market Price 30 30 50 50 50 30 30 30 
Unit1 455 455 455 455 455 455 455 455 
Unit2 455 455 455 455 455 455 455 455 
Unit3 130 130 130 130 130 130 130 130 
Unit4 130 130 130 130 130 130 130 130 
Unit5 162 162 162 162 162 162 162 162 
Unit6 80 80 80 80 80 80 80 80 
Unit7 0 0 85 85 85 0 0 0 
Unit8 0 0 55 55 55 0 0 0 
Unit9 0 0 55 55 55 0 0 0 
Unit10 0 0 55 55 55 0 0 0 
Market Disp 1412 1412 1662 1662 1662 1412 1412 1412 
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Table C.2. Hourly production cost, imbalance settlement, and profit 
Hr 1 2 3 4 5 6 7 8 
Load Obl 700 750 850 950 1000 1100 1150 1200 
Market Disp 1412 1412 1412 1412 1412 1412 1412 1412 
Market Price 30 30 30 30 30 30 30 30 
Opt Cost 29048.08 29048.08 29048.08 29048.08 29048.08 29048.08 29048.08 29048.08 
StartUp Cost 4360 0 0 0 0 0 0 0 
ShutDn Cost 0 0 0 0 0 0 0 0 
Energy Prod Cost 33408.08 29048.08 29048.08 29048.08 29048.08 29048.08 29048.08 29048.08 
Gen EIS 42360.00 42360.00 42360.00 42360.00 42360.00 42360.00 42360.00 42360.00 
Gen Profit 8951.92 13311.92 13311.92 13311.92 13311.92 13311.92 13311.92 13311.92 
Load EIS 21000 22500 25500 28500 30000 33000 34500 36000 
Net Cost -12048.08 -9188.08 -12188.08 -15188.08 -16688.08 -19688.08 -21188.08 -22688.08 
         
Hr 9 10 11 12 13 14 15 16 
Load Obl 1300 1400 1450 1500 1400 1300 1200 1050 
Market Disp 1497 1662 1662 1662 1662 1497 1412 1412 
Market Price 30 50 50 50 50 30 30 30 
Opt Cost 31891.7 38365.18 38365.18 38365.18 38365.18 31891.7 29048.08 29048.08 
StartUp Cost 520 180 0 0 0 0 0 0 
ShutDn Cost 0 0 0 0 0 0 0 0 
Energy Prod Cost 32411.7 38545.18 38365.18 38365.18 38365.18 31891.7 29048.08 29048.08 
Gen EIS 44910.00 83100.00 83100.00 83100.00 83100.00 44910.00 42360.00 42360.00 
Gen Profit 12498.30 44554.82 44734.82 44734.82 44734.82 13018.3 13311.92 13311.92 
Load EIS 39000 70000 72500 75000 70000 39000 36000 31500 
Net Cost -26501.7 -25445.18 -27765.18 -30265.18 -25265.18 -25981.7 -22688.08 -18188.08 
         
Hr 17 18 19 20 21 22 23 24 
Load Obl 1000 1100 1200 1400 1300 1100 900 800 
Market Disp 1412 1412 1662 1662 1662 1412 1412 1412 
Market Price 30 30 50 50 50 30 30 30 
Opt Cost 29048.08 29048.08 38365.18 38365.18 38365.18 29048.08 29048.08 29048.08 
StartUp Cost 0 0 700 0 0 0 0 0 
ShutDn Cost 0 0 0 0 0 0 0 0 
Energy Prod Cost 29048.08 29048.08 39065.18 38365.18 38365.18 29048.08 29048.08 29048.08 
Gen EIS 42360.00 42360.00 83100.00 83100.00 83100.00 42360.00 42360.00 42360.00 
Gen Profit 13311.92 13311.92 44034.82 44734.82 44734.82 13311.92 13311.92 13311.92 
Load EIS 30000 33000 60000 70000 65000 33000 27000 24000 
Net Cost -16688.08 -19688.08 -15965.18 -25265.18 -20265.18 -19688.08 -13688.08 -10688.08 

 

Total Energy Production Cost 773820.86 
Total Gen EIS 1306920.00 
Total Gen Profit 533099.14 
Total Load EIS 1006000.00 
Total Cost (net cost of supplying load over 24 hour period) -472900.86 
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APPENDIX D 
 
 

SPP-EIS MARKET PLANNER 
DATABASE TABLE STRUCTURE 
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Tables storing system data 

 
Tables storing resource data 
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Tables storing data categories 
 

 
 
 
Tables storing settlement data 
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Tables storing generation planning data 

 
 
 
Tables storing market data 
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APPENDIX E 
 
 

SPP-EIS MARKET PLANNER SOFTWARE 
USER INTERFACE CONTROL 
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Figure E.1 EISMP software main interface 

 

VB.NET was chosen as the platform for the application development in this 

dissertation because it provides a variety of components that facilitate window 

programming with interface design and seamless integration with Oracle database.  

With GUI, users can perform embedded functions through the main menu. The 

main window of the EISMP software is illustrated in figure E.1. The EISMP main menu 

contains a set of command functions as follows: 

System configuration menu 

The authorization must be approved by SPP to connect with its market system. 

This authorization is verified by the digital signature and trust (DST) certificate. The 

configuration menu allows users to set the location of the certificate. In addition, user 

can define database connection parameters which include the username, password, and 

database service name from the same menu. 
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Figure E.2 Database connection setting dialog 

System data menu 

The system data allows user to define the control area, meter, settlement 

location, and load forecast area. The settlement location can be mapped into the meter 

and PNODE for scheduling in the RTOSS (RTO Scheduling System). The settlement 

location is either external or internal. The internal settlement locations are possessed by 

the MP, and therefore the MP is responsible for the imbalance credit/charge at the 

internal settlement locations. The external settlement locations are other locations that 

represent the source/sink from other bilateral contracts. The MP does not financially 

obligated for the energy imbalance at the external settlement locations. 

Users use system data menu to set the property of the generation units. The unit 

parameters include unit mode, unit capacity, unit ramp rate, minimum up/down time, 

etc. The unit production cost is defined either in terms of the quadratic cost curve or a 

piecewise linear incremental cost. The conversion between these two cost formats can 

be performed by the conversion dialog as shown in figure E.4. The program allows up 

to 10 MW-IHR points for each unit. 
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Figure E.3 Unit parameters setting 

 

 

Figure E.4 Unit cost curve conversion 

 

 

Figure E.5 Unit cost curve parameter setting 
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The hourly load forecast data and price forecast data can be accessed from the 

system data menu. Users have options to view load forecast by the load forecast area, 

by settlement location, or by the aggregation for the whole control area. The price 

forecast is calculated hourly and displayed by the settlement location.  

 

Figure E.6 Hourly load forecast by settlement location interface 

 

Figure E.7 Hourly locational price forecast interface 
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Market data menu 

Users use market data menu to display the latest market status. EISMP user can 

view the exact information as available on the SPP market portal from this menu 

without the need to logon to the portal webpage. Users benefit from GUI, which 

expedites the data access. The data that can be displayed from market data menu 

includes the ancillary service obligation, RTO midterm (hourly) and short-term (5 min) 

load forecast by control area, settlement LIP, resource offer cap, resource offer lock, 

and market schedule timeline.  

In addition, users can view the 5 minute dispatch instruction either by settlement 

location or by the deployment interval ending. From either view, users may activate the 

economic dispatch of online resources to allocate SPP instructed set point given in 

terms of settlement location into the MW set point for each online unit. The 

combination of online units can be adjusted from the same dialog.  

 

Figure E.8 Real-time resource dispatch calculation interface 
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Market plan menu 

 The market plan menu facilitates the process of resource plan, offer curves, and 

load forecast submission. Users can modify the resource plan, ancillary service plan, 

and offer curves for future hours and save it to the database. The plans and offers can 

be exported into the XML format for the market submission. In addition, when users 

make change in planned MW, the program automatically validates the resource and 

reserve capacity limit defined in the ancillary service plan. 

 SPP allows MP to submit offer curve that contains up to 10 MW-PRICE points. 

The offer curve MW and price values must be monotonically increasing and the MW 

value must be non-negative. If offer curve violates these conditions, it will be rejected. 

These restrictions are internally validated in the EISMP when users adjust offered MW 

or offered PRICE in the resource offer dialog. 

 

Figure E.9 Ancillary service capacity plan interface 
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Generation planning menu 

 The generation planning menu activates the cost-based and price-based unit 

commitment functions. In order to perform the unit commitment scheduling, users may 

adjust the firm load obligation with the predetermined MW from manual dispatch 

resources and any forward bilateral purchase/sale. Then, user defines the planning 

horizon and selects the algorithm to calculate UC. The default algorithm for cost-based 

UC is the Dynamic Programming Sequential Truncated Combination (DP-STC). The 

output of UC calculation is shown in three tables. The first table summarizes the total 

cost and load obligation over the entire planning period. Unit statistics, i.e. the number 

of hour where unit is online or online and the number of time the unit switches from 

online to offline, and vice versa, are summarized in the second table. The third table 

includes the detail of dispatch MW and cost associated with each unit. 

 From the same menu, another dialog is provided for Economic Dispatch 

calculation in the manual mode. Users identify the online unit and calculate the optimal 

set point of each unit to meet the specific obligation and spinning reserve. 

 

Figure E.10 Economic dispatch calculation interface 
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Figure E.11 Cost-based unit commitment interface 

 

Figure E.12 Price-based unit commitment interface 
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Settlement analysis menu 

The energy imbalance settlement calculation is new feature in the EIS market. 

The SPP statement consists of the energy imbalance service, under-scheduling charge, 

over-scheduling charge, uninstructed deviation penalty, revenue neutrality uplift, self-

provided loss, financial settle loss, and the miscellaneous charge. Among these 

components, the energy imbalance service, under/over-scheduling charge, and 

uninstructed deviation charge can be verified. Users can activate the settlement 

calculation from the settlement analysis menu. From the menu, users define the energy 

schedules, asset actual MW, and the settlement price. Based on this information, the 

forecast settlement credit/charge can be estimated. The MP may analyze the change in 

market settlement with regard to the change of any energy schedule. The result from 

settlement calculation is compared by summary dialog. This interface is shown in 

figure E.13, with full settlement detail shown in figure E.14. 

 

 

Figure E.13 Forecast settlement comparison interface 
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Figure E.14 Settlement calculation detail by settlement location interface 

  

Another unique feature that EISMP provides to the users is the energy schedule 

sensitivity analysis. It is difficult for users to adjust the energy schedule individually 

and evaluate the effect on settlement change one by one. Therefore, a sensitivity 

analysis function is provided to automate the process. Users firstly assign the desired 

step size for energy schedule adjustment. The energy schedule sensitivity analysis 

performs the settlement calculation with the change of each schedule by the predefined 

adjustment steps and displays the comparison result. 
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 An example of sensitivity analysis implementation is shown in figure E.15. For 

this example, three schedules are evaluated by MW step size of {-15, -5, -1, 1, 5, 15}. 

The result reveals that more credit is obtained by schedule less on Schedule 1 and 

Schedule 2, or schedule more on Schedule 3. Users can easily extract the proper 

direction of scheduling adjustment by looking at the sensitivity analysis results. 

 

 

Figure E.15 Schedule sensitivity analysis results 
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RTO statement menu 

 The initial energy imbalance statement is issued by SPP 5 days after the 

operating day. The final statement is available 40 days thereafter. These statements 

contain the settlement details calculated by SPP commercial operations system and are 

provided to the MP in an XML files. With a lot of information included in each 

settlement statement, it is difficult for MP to pinpoint any specific information by 

looking directly through the XML statement file. The RTO statement menu provides 

users with easier way to analyze the imbalance statement. The MP can also validate the 

SPP settlement statements by running the shadow settlement calculation. Users can 

choose to perform the shadow settlement immediately after the statement is imported. 

The shadow settlement can be compared side-by-side with the original RTO statement 

as shown in figure E.17. The statement comparison function enables users to capture 

any potential errors in the RTO statement, and take action as appropriated.  
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Figure E.16 RTO statement analysis interface 

 

Figure E.17 RTO statement comparison interface 
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